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I. INTRODUCTION 1 

Q. Please state your name and business address. 2 

 

A. My name is William Steven Seelye.  My business address is 2604 Sunningdale Place 3 

East, La Grange, Kentucky 40031. 4 

Q. By whom and in what capacity are you employed? 5 

A. I am the managing partner for The Prime Group, LLC, a firm located in La Grange, 6 

Kentucky, providing consulting and educational services in the areas of utility 7 

regulatory analysis, revenue requirement support, cost of service, rate design and 8 

economic analysis. 9 

Q. On whose behalf are you testifying in these proceedings?  10 

A.  I am testifying on behalf of Kentucky Utilities Company (“KU”), which provides 11 

electric service to utilities throughout Kentucky, and Louisville Gas and Electric 12 

Company (“LG&E”) (collectively, “Companies”), which provides both electric and 13 

natural gas sales and delivery services in Louisville-Jefferson County and surrounding 14 

counties in Kentucky. 15 

Q. What is the purpose of your testimony? 16 

A. The purpose of my testimony is (i) to describe the proposed allocation of the revenue 17 

increases for KU and for LG&E’s electric and natural gas operations; (ii) to support 18 

KU and LG&E’s proposed rates; (iii) to sponsor the fully allocated cost of service 19 

studies based on KU and LG&E’s embedded cost of providing electric and natural gas 20 

service for the fully forecasted test year, which is the 12 months beginning July 1, 21 
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2021; and (iv) to sponsor the revenue lag portion of the updated revenue lag study for 1 

KU and LG&E. 2 

Q.  Please summarize your testimony. 3 

A. My direct testimony addresses the following: 4 

• Cost of Service Studies and the Allocation of the Revenue Increase. In 5 

developing their proposed rates in these proceedings, KU and LG&E considered 6 

the results of the cost of service studies.  The purpose of a class cost of service 7 

study is to determine the contribution that each customer class is making towards 8 

the utility’s overall rate of return.  Cost of service is a standard measure of 9 

reasonableness for utility rate design.  Rates of return are calculated for each rate 10 

class.  In the electric cost of service studies, production fixed costs were allocated 11 

based on hourly class loads weighted by the hourly Loss of Load Probability 12 

(“LOLP”), which is a key measure that has been used by KU and LG&E for many 13 

years to plan their generation resources.  The Companies used the LOLP as an 14 

electric cost of service methodology in their 2016 and 2018 rate cases. In 15 

accordance with the Commission’s Order in Case Nos. 2018-00294 and 2018-16 

00295, KU and LG&E are also submitting 6 Coincident Peak (“6-CP”) and 12 17 

Coincident Peak (“12-CP”) cost of service studies as alternatives to the LOLP cost 18 

of service proposed by the Companies.  LG&E’s gas cost of service study used the 19 

same methodology as was filed in its 2018 and prior rate cases. The Companies’ 20 

class cost of service studies were also used as a guide for allocating the revenue 21 

increase to the rate classes and for developing unit charges for electric and gas 22 

service. 23 

 24 

• Elimination of Environmental Cost Recovery (ECR) Surcharge and Gas Line 25 

Tracker (GLT) Projects.  KU and LG&E are proposing to eliminate certain ECR 26 

projects.  LG&E is also proposing to eliminate all but two GLT projects.   The 27 

test-year costs of these projects will be transferred into base rates. 28 

 29 

• Continued Separation of Rates into Infrastructure and Variable Cost 30 

Components. KU and LG&E are also proposing to continue to separate out the 31 

infrastructure and variable cost components of the energy charge for Residential 32 

Service (Rate RS), General Service (Rate GS) and other two-part rates that include 33 

only a customer charge and an energy charge.  The purpose of this structure in the 34 

presentation of these rate schedules is to provide more information to customers, 35 

stakeholders and employees about which costs are avoidable through the 36 

installation of distributed generation (i.e., the variable cost component) and which 37 

costs are less likely to be avoided (i.e., the fixed cost component).   In its Orders 38 
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in Case Nos. 2018-00294 and 2018-00295, the Commission ruled that splitting the 1 

energy charges into infrastructure and variable components for information 2 

purposes is reasonable.  My testimony will address the continued importance of 3 

this practice. 4 

 5 

• Residential Time-of-Day Services.  The Companies are proposing to modify 6 

Residential Time-of-Day Service (Rates RTOD-E and RTOD-D) to shift the 7 

morning peak period by one hour to more accurately reflect current peak periods 8 

and to add evening hours to the winter peak period.   The on- and off-peak charges 9 

are adjusted to reflect this change. 10 

 11 

• General Time-of-Day Services. The Companies are proposing to offer optional 12 

General Time of Day Services (Rate GTOD – Energy and GTOD - Demand) rate 13 

schedules that would be available to any General Service (Rate GS) customer 14 

enrolled under the Advanced Metering Systems Customer Service Offering set 15 

forth in the Companies’ Demand-Side Management Cost Recovery Mechanism.   16 

   17 

• Lighting Rates. The Companies are introducing three new light emitting diode 18 

(LED) lighting offerings.  In its Orders in Case Nos. 2018-00294 and 2018-00295, 19 

the Commission approved an LED Conversion Fee that applies whenever a 20 

customer requests the replacement of a working non-LED fixture with an LED 21 

fixture prior to the failure of the non-LED fixture.   The current LED Conversion 22 

Fee, which provides for the recovery of the stranded costs created by the 23 

replacement of a working non-LED fixture with an LED fixture, is a fixed charge 24 

that applies for a period of five years.   The Companies are proposing to offer an 25 

alternative in which customers can make an up-front payment of the LED 26 

Conversion Fee.  For Outdoor Sports Lighting Service (Rate OSL), the Companies 27 

are proposing to reduce the number of hours during the peak period by one hour. 28 

 29 

• Net Metering.  In March 2019, Senate Bill 100 was signed into law thereby 30 

modifying 278.466 to allow each electric utility to implement rates to recover from 31 

non-grandfathered or new net metering customers “all costs necessary to serve its 32 

eligible customer-generators, including but not limited to fixed and demand-based 33 

costs, without regard for the rate structure for customers who are not eligible 34 

customer-generators.”   The Companies are proposing a new net metering service 35 

called “Net Metering Service 2 – NMS 2” that will be applicable to new net 36 

metering customers taking service on or after the effective date of the new rates 37 

approved in these proceedings.  38 

 39 

• Electric Vehicle Rates.  The Companies are proposing to offer a new Electric 40 

Vehicle Fast Charging Service (Rate EV-FAST).  Under the proposed rate, KU 41 

and LG&E would charge $0.25 per kWh for charging at Direct Current Fast 42 
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Charging Stations (DCFCs) that would be installed by the Companies in late 2022.   1 

Because spending for the stations would occur after the end of the forecasted test 2 

year in these proceedings, none of the costs are included in revenue requirements. 3 

 4 

• Annual Waiver of Non-Residential Late Payment Charges.   In Case Nos.  5 

2018-00294 and 2018-00295, the Companies implemented a program to waive 6 

late payment charges for residential customers who have not been late in paying 7 

their bills during each of the previous 11 months.   The Companies are proposing 8 

to extend this practice to non-residential customers. 9 

 10 

• Miscellaneous Charges.   The Companies are proposing changes in certain 11 

miscellaneous charges to reflect changes in costs.   The Companies are also 12 

proposing miscellaneous charges related to the proposed Advanced Metering 13 

Infrastructure (AMI) deployment. 14 

 15 

• Update to the Lead-Lag Studies.  The revenue lags in the study submitted in the 16 

Companies’ last rate cases were updated for the calendar year 2019. 17 

 18 

Q. Are you supporting certain information required by Commission Regulations 19 

807 KAR 5:001, Section 16(7) and 16(8)? 20 

A. Yes. I am sponsoring the following schedules for the corresponding Filing 21 

Requirements: 22 

• Cost of Service Studies   Section 16(7)(v) Tab 52 23 

• Revenue Summary    Section 16(8)(m) Tab 66 24 

Q. How is your testimony organized? 25 

A. My testimony is divided into the following sections: (I) Introduction, (II) 26 

Qualifications, (III) Electric Rate Design and the Allocation of the Increases, (IV) Gas 27 

Rate Design and the Allocation of the Increase, (V) Miscellaneous Service Charges, 28 

(VI) Advanced Metering Infrastructure (AMI), (VII) Electric Cost of Service Studies, 29 

(VIII) Gas Cost of Service Study, and (IX) Lead-Lag Studies. 30 
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II. QUALIFICATIONS 1 

Q. Please describe your educational and professional background. 2 

A. I received a Bachelor of Science degree in Mathematics from the University of 3 

Louisville in 1979.  I have also completed 54 hours of graduate level course work in 4 

Industrial Engineering and Physics.  From 2014 through 2015 I completed an 5 

additional 12 hours of Electrical Engineering coursework at the University of 6 

Louisville’s Speed School of Engineering (courses in computer design, 7 

microcontroller programming, digital signal processing, and computer 8 

communications).  In addition, from 2012 through 2015, I was an instructor at 9 

Louisville’s Walden School and a private tutor and instructor in advanced placement 10 

calculus, linear algebra, pre-calculus, college algebra and differential equations. 11 

  Concerning my professional background, from May 1979 until July 1996, I 12 

was employed by LG&E.  From May 1979 until December 1990, I held various 13 

positions within the Rate Department of LG&E.  In December 1990, I became 14 

Manager of Rates and Regulatory Analysis.  In May 1994, I was given additional 15 

responsibilities in the marketing area and was promoted to Manager of Market 16 

Management and Rates.  I left LG&E in July 1996 to form The Prime Group, LLC, 17 

with two other former employees of LG&E.  Since leaving LG&E, I have performed 18 

or supervised the preparation of cost of service and rate studies for over 150 investor-19 

owned utilities, rural electric distribution cooperatives, generation and transmission 20 

cooperatives, and municipal utilities.  Therefore, including my time at LG&E, I have 21 

more than 40 years of experience in the utility industry.  A more detailed description 22 
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of my qualifications is included in Exhibit WSS-1. 1 

Q. Have you ever testified before any state or federal regulatory commissions? 2 

A. Yes.  I have testified in over 75 regulatory and court proceedings in 13 different 3 

jurisdictions.  I have testified before the Kentucky Public Service Commission on 4 

behalf of both KU and LG&E, as well as on behalf of other utilities, on numerous 5 

occasions.  A listing of my testimony in other proceedings is included in Exhibit WSS-6 

1. 7 

Q. Please describe your work and testimony experience as they relate to topics 8 

addressed in your testimony. 9 

A. I have performed or supervised the development of cost of service and rate studies for 10 

over 150 utilities throughout North America.  I have testified on numerous occasions 11 

regarding the rates proposed by electric, gas and water utilities, including KU and 12 

LG&E. I have also testified on numerous occasions regarding lead-lag studies.   13 

 14 

III. ELECTRIC RATE DESIGN AND THE ALLOCATION OF THE INCREASES 15 

A. ALLOCATION OF THE ELECTRIC INCREASES 16 

Q. Please summarize your recommendations for allocating the electric revenue 17 

increases to the classes of service. 18 

A. The Companies are proposing an overall revenue increase of $170,120,598 for KU, 19 

which corresponds to a 10.36% increase, and a $131,073,276, revenue increase for 20 

LG&E, which corresponds to an 11.61% increase.   The Companies are also proposing 21 
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changes in miscellaneous charges which result in changes to other operating revenue.   1 

Accounting for changes in other operating revenue, the overall increase in revenues 2 

from sales to ultimate customers is $169,747,181 (or 10.57%) for KU and 3 

$130,983,319 (or 11.83%) for LG&E.  (See Schedule M-2.1 for KU and Schedule M-4 

2.1-E for LG&E in the Companies’ Filing Requirements.)  5 

 Except for the lighting rates, KU is proposing to increase revenues for all rate 6 

classes by approximately 10.68%.  Based on the results of the cost of service study, 7 

KU is proposing no net increases, within rounding, for Lighting Service (Rate LS), 8 

Restricted Lighting Service (Rate RLS), Lighting Energy Service (Rate LE), and 9 

Traffic Energy Service (TE).  KU is proposing a rate reduction for Outdoor Lighting 10 

Service (Rate OSL), which is an optional pilot program, of approximately 5.00%.  KU 11 

is proposing no changes to the rate credits set forth in its Curtailable Service Rider 12 

(CSR). 13 

Except for three lighting rates, LG&E is proposing to increase revenues for all 14 

rate classes by approximately 11.80%.  LG&E is proposing no increases, within 15 

rounding, for Lighting Energy Service (Rate LE) and Traffic Energy Service (TE).    16 

LG&E is proposing a rate reduction for Outdoor Lighting Service (Rate OSL), which 17 

is an optional pilot program, of approximately 10.00%.  LG&E is proposing no 18 

changes to the rate credits set forth in its Curtailable Service Rider (CSR). 19 

Both KU and LG&E are proposing to increase the disconnect/reconnect 20 

charges and returned check charges.   The Companies are proposing to decrease the 21 

unauthorized reconnect charges.   KU and LG&E are proposing minor changes to 22 
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certain other miscellaneous charges, which will be discussed later in my testimony. 1 

Q. Have you prepared schedules showing the proposed revenue increase for each 2 

standard rate schedule? 3 

A. Yes.  The electric revenue increases for each rate class are shown on Schedule M-2.1 4 

of Section 16(8)(m) of the Filing Requirements for KU and Schedule M-2.1-E of 5 

Section 16(8)(m) of the Filing Requirements for LG&E. The detailed billing 6 

calculations for each rate schedule are shown on Schedule M-2.3 for KU and Schedule 7 

M-2.3-E for LG&E.  The proposed unit charges for each rate schedule are shown on 8 

these schedules. 9 

 10 

B. ELIMINATION OF ENVIRONMENTAL COST RECOVERY (ECR) 11 

PROJECTS 12 

Q. Are the Companies proposing to eliminate certain Environmental Cost Recovery 13 

(ECR) projects? 14 

A. Yes.  KU is proposing to eliminate projects 28 through 31 of the 2009 ECR Plan, all 15 

projects in the 2011 ECR Plan, and projects 36 through 38 of the 2016 ECR Plan.   16 

LG&E is proposing to eliminate projects 22 and 23 of the 2009 ECR Plan, all projects 17 

in the 2011 ECR Plan, and project 28 of the 2016 ECR Plan.   Because work will have 18 

been completed on these projects prior to the end of the test year (or, in the case of 19 

LG&E, Project 22, because the project was cancelled), the Companies are proposing 20 

to eliminate them from recovery through the ECR mechanism. 21 

Q. Will the costs of these eliminated ECR projects be recovered through base rates 22 
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instead of the ECR? 1 

A. Yes.  The impact of these projects is also shown in Schedule M-2.3 for KU and 2 

Schedule M-2.3-E for LG&E and in the supporting detail for those schedules.   3 

Specifically, on page 1 of these Schedules, the column labeled “Base Rate ECR 4 

Adjustment to Reflect ECR Project Elimination” reflects the amount of base rate ECR 5 

revenue transferred to base rate revenue, and the column labeled “ECR Mechanism 6 

Adjustment to Reflect ECR Project Elimination” reflects the amount of ECR 7 

Mechanism revenue transferred to base rates.  These adjustments do not alter total 8 

revenue, but simply represent the removal of ECR costs for the eliminated projects 9 

from the ECR mechanism into base rate recovery.   These adjustments are revenue 10 

neutral.   The supporting details for each rate class are shown on pages 2 through 26 11 

of these schedules.   12 

   13 

C. RESIDENTIAL SERVICE (RATE RS) 14 

Q. Please provide a brief description of Rate RS. 15 

A. Rate RS is the standard electric rate schedule available to single-family residential 16 

service.  KU and LG&E serve approximately 442,000 and 377,000 residential 17 

customers, respectively, under this rate schedule.  Rate RS has a two-part rate structure 18 

that includes a Basic Service Charge and an Energy Charge. 19 

Q. What are the charges that KU and LG&E are proposing for Rate RS? 20 

A. KU is proposing a Basic Service Charge of $0.61 per day, and LG&E is proposing a 21 

Basic Service Charge of $0.52 per day.  For KU, the charge would increase from $0.53 22 
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to $0.61, which corresponds to a 15.1% increase.  For LG&E, the charge would 1 

increase from $0.45 to $0.52 per day, which again corresponds to 15.6% increase.   For 2 

both Companies, the Basic Service Charges were designed to reflect 75% of the 3 

customer-related costs calculated in the cost of service studies.1   The customer-related 4 

cost for KU is $0.82 per day; thus, KU’s proposed Basic Service Charge of $0.61 per 5 

day represents 75% of the customer cost from the cost of service study ($0.61 ÷ $0.82 6 

= 75%).  The customer-related cost for LG&E is $0.69 per day; therefore, LG&E’s 7 

proposed Basic Service Charge of $0.52 also represents 75% of the customer cost 8 

($0.52 ÷ $0.69 = 75%).   Although higher Basic Service Charges could be supported 9 

based on results of the Companies’ cost of service studies, the increase was capped at 10 

75% of customer costs to reflect the ratemaking principles of rate continuity and 11 

gradualism.  KU is proposing to increase its energy charge from $0.08963 per kWh to 12 

$0.09950 per kWh. LG&E is proposing to increase its energy charge from $0.09278 13 

per kWh to $0.10482 per kWh. 14 

Q. Are the Companies proposing to continue to separate the energy charge into a 15 

variable cost component and a fixed cost component? 16 

A. Yes.  In its Orders in Case Nos. 2018-00294 and 2018-00295, the Commission ruled 17 

that splitting the energy charges into variable cost component (Variable Energy 18 

Charge) and fixed cost component (Infrastructure Energy Charge) for informational 19 

 
1 In its Oder in Case No.2018-00295, the Commission required that the Basic Service Charge for both KU and 

LG&E represent the same percentage of the customer-related costs from the Companies’ cost of service studies. 

See Case No. 2018-00295, Order at 25 (Ky. P.S.C. April 30, 2019).  The Companies’ proposal in the current 

proceedings is consistent with that directive. 
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purposes is reasonable.  For KU, the proposed Variable Energy Charge is $0.03200 1 

per kWh, and the proposed Infrastructure Energy Charge is $0.06750 per kWh.  For 2 

LG&E, the proposed Variable Energy Charge is $0.03245 per kWh, and the proposed 3 

Infrastructure Energy Charge is $0.07237 per kWh.   4 

Q. Why do the Companies separate their energy charges into variable and fixed 5 

components? 6 

A. The purpose of showing the energy charge as consisting of both a variable cost 7 

component and a fixed cost component is solely educational and informational.  The 8 

Companies want customers, stakeholders and employees to be aware that two types 9 

of costs are included in the energy charge for Rate RS and other rates that have a two-10 

part rate structure consisting of a Basic Service Charge and an Energy Charge.  The 11 

energy cost component consists of costs that vary directly with the kWh usage of 12 

customers, such as fuel expenses and variable operation and maintenance expenses.  13 

The fixed cost component consists of demand-related costs that do not vary directly 14 

with energy usage, such as depreciation expenses, return, taxes, and fixed operation 15 

and maintenance expenses related to utility infrastructure.  It is important for 16 

customers, stakeholders, and employees to understand that not all costs are 17 

automatically reduced when customers use less energy.  For example, the fixed costs 18 

associated with poles, transformers, conductors, power plants, office buildings, etc., 19 

are not automatically reduced when consumers reduce their energy usage.  As greater 20 

emphasis is placed on distributed generation, energy conservation and other new 21 

technologies such as electric vehicles, it is important for customers, stakeholders and 22 
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employees to understand the distinction between fixed and variable costs. 1 

Q. What is the breakdown of total costs among these three cost components for Rate 2 

RS? 3 

A. The following table (TABLE 1) shows how the cost of providing service to customers 4 

under Rate RS is broken down between customer-related fixed costs, demand-related 5 

fixed costs, and energy-related variable costs for KU and LG&E: 6 

 7 

TABLE 1 8 

 

Cost Component 

KU 

Percentage of Cost 

LG&E 

Percentage of Cost 

 

Customer-Related Fixed Costs 

 

 

19.41% 

 

19.74% 

 

Demand-Related Fixed Costs 

(Infrastructure Demand Costs) 

 

 

52.61% 

 

53.18% 

 

Energy-Related Variable Costs 

 

 

27.98% 

 

27.08% 

 9 

Q. How are these costs currently recovered from Rate RS customers? 10 

A. Rate RS, as well as a number of the Companies’ other rate schedules that serve smaller 11 

commercial and industrial customers (for example Rate GS), are currently structured 12 

as a two-part rate consisting of a customer charge (Basic Service Charge) and an 13 

Energy Charge.  The Basic Service Charge is billed as a flat daily charge per customer, 14 

and the Energy Charge is billed on a cents-per-kWh basis.  Under a two-part rate 15 

design, all three cost components (customer costs, demand costs and energy costs) are 16 
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recovered through two rate components (customer charge and energy charge).  Unlike 1 

the three- and multi-part rates that are used for larger customers, the two-part rate for 2 

Rate RS does not utilize a demand charge.  Therefore, demand costs (costs associated 3 

with transformers, overhead and underground conductor, transmission lines, and 4 

generation capacity) must be recovered through either the customer charge or an 5 

energy charge.  For Rate RS, all demand costs and a portion of the customer costs are 6 

currently being recovered through the Energy Charge, which includes the 7 

Infrastructure Energy Charge and the Variable Energy Charge.  The following tables 8 

compare the percentage of costs broken down by component (customer cost, demand 9 

cost, and energy cost) to the percentage of recovery through the proposed rate 10 

components (customer charge and energy charge) for KU (TABLE 2) and LG&E 11 

(TABLE 3): 12 

 13 

TABLE 2 – KU 14 

 

Component 

 

Percentage of Cost 

 

Rate Design 

 

Customer  

 

 

19.41% 

 

14.5% 

 

Demand 

 

 

52.61% 

 

0.0% 

 

Energy  

 

 

27.98% 

 

85.5% 

 15 

 16 
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TABLE 3 – LG&E 1 

 

Component 

 

Percentage of Cost 

 

Rate Design 

 

Customer  

 

 

19.74% 

 

14.8% 

 

Demand 

 

 

53.18% 

 

0.0% 

 

Energy  

 

 

27.08% 

 

85.2% 

 2 

 3 

 As can be seen from these tables, all demand costs and a significant portion of 4 

customer costs are currently recovered through the Energy Charge.   5 

Q. What are three- and multi-part rate designs? 6 

A. A three-part rate is a rate structure that includes a customer charge, energy charge and 7 

demand charge.   KU and LG&E’s rate for medium commercial and industrial 8 

customers (Rate PS) is a three-part rate consisting of a customer charge, energy charge 9 

and demand charge.  The rates for large commercial and industrial customers (Rates 10 

TODS, TODP, RTS, and FLS) are structured as a multi-part rate consisting of a 11 

customer charge, energy charge and multi-part demand charge that is unbundled 12 

between production fixed cost components and transmission/distribution fixed cost 13 

components.  The reason that a two-part rate structure traditionally has been used in 14 

the industry for residential and small commercial and industrial accounts is that the 15 

cost of the metering technology necessary to bill a three- or multi-part rate for small 16 
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customers has been prohibitive.  In my experience, this is changing in the industry.  1 

As utilities install advanced metering technology for all types of customers, it becomes 2 

more feasible to use three- or multi-part rates for residential and general service (small 3 

commercial and industrial) customers and thereby offer rates that more accurately 4 

reflect cost of service. Multi-part rates allow customers to better manage their load by 5 

shifting their usage pattern to avoid higher peak period charges.  Several utilities in 6 

the U.S. have implemented three- and multi-part rates for residential and small general 7 

service customers.   This is a trend in the industry that I believe the Companies and 8 

the Commission should closely monitor. 9 

Q. Does recovering fixed customer and demand costs through a variable energy 10 

charge create problems? 11 

A. Yes, it certainly does.  The Companies must install generation, transmission and 12 

distribution infrastructure to serve customers.  The costs associated with this 13 

infrastructure are fixed.  As explained earlier, some of these fixed costs are demand-14 

related and are thus related to utility infrastructure that is sized to meet maximum loads 15 

that customers place on the system while other fixed costs are customer-related and 16 

are thus related to the number of customers that the utility serves.  These fixed costs 17 

typically will not change if a customer uses more energy or if a customer uses less 18 

energy.  For example, once KU or LG&E installs a distribution line, transformer, 19 

service line, and meter to serve a customer, the operation and maintenance expenses, 20 

depreciation expenses, property taxes, interest expenses, and other such costs are not 21 

decreased if a customer uses less energy.  Once the facilities are installed, they are 22 
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invariant to customer usage and are therefore fixed.  If the costs are recovered through 1 

a volumetric charge rather than a fixed charge, then when a customer uses less energy 2 

these fixed costs will not be recovered from the customer, and those costs must be 3 

recovered from other customers.  This is particularly problematic if a customer reduces 4 

energy consumption by installing distributed generation technology such as solar 5 

panels or a wind turbine but falls back on the utility when sunlight is unavailable or 6 

when the wind isn’t blowing.  In those instances, the customer will have reduced its 7 

energy usage with distributed generation but will still require the same generation, 8 

transmission and distribution capacity to meet its demand requirements.  The customer 9 

will have reduced the billing of fixed costs collected through the energy charge but 10 

will not have caused the utility to reduce its fixed costs.  In those instances, the fixed 11 

costs are thus shifted to customers who have not installed distributed generation 12 

technology. 13 

Q. What is the basis for the proposed increase in the Basic Service Charge for Rate 14 

RS? 15 

A. The Companies are proposing a Basic Service Charge that moves the charge towards 16 

the customer-related costs from the Companies’ cost of service studies.  As will be 17 

explained in greater detail in the portion of my testimony dealing with the electric cost 18 

of service study, the methodology that is used to classify costs as customer related 19 

corresponds to the methodology that has been accepted by the Commission in the past.  20 

The methodology for classifying costs as customer-related also corresponds to one of 21 

the standard methodologies set forth in the Electric Utility Cost Allocation Manual 22 
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published by the National Association of Utility Regulatory Commissioners 1 

(NARUC). 2 

 Q. Have you prepared an exhibit showing the calculation of the cost components for 3 

Rate RS? 4 

A. Yes.  Exhibit WSS-2 shows the calculation of the unit customer cost, demand related 5 

cost, and energy costs from the Companies’ cost of service studies.  From this 6 

calculation, the customer cost for KU is $0.82 per customer per day; the demand-7 

related cost (infrastructure cost) is $0.06017/kWh; and the energy cost (variable cost) 8 

is $0.03200/kWh.  KU is proposing to increase the Basic Service Charge from $0.53 9 

per day to $0.61 per day, which corresponds to a 15.1% increase in the charge.  KU’s 10 

proposed Basic Service Charge of $0.61 per day is 75% of the unit cost from KU’s 11 

cost of service study.   12 

The customer cost for LG&E is $0.69 per customer per day; the demand-13 

related cost is $0.06371/kWh; and the energy cost is $0.03245/kWh.  LG&E is 14 

proposing to increase the Basic Service Charge from $0.45 per day to $0.52 per day, 15 

which corresponds to a 15.6% increase in the charge.  LG&E’s proposed Basic Service 16 

Charge of $0.52 is 75% of the unit cost from LG&E’s cost of service study. The 17 

Companies are proposing Basic Service Charges for Rate RS that reflect only 75% of 18 

customer costs, which correspond to percentage increases in the Basic Service 19 

Charges of less than 16%, to reflect the ratemaking principles of rate continuity and 20 

gradualism.  It should be noted, however, that in the last several years the Commission 21 

has allowed a number of utilities to increase their customer charges by close to 50%.  22 
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For example, in its Order in Case No. 2019-00066, the Commission authorized a 46% 1 

increase in Jackson Energy Cooperative Corporation’s residential customer charge 2 

increasing the customer charge from $16.44 to $24.00 per month.2    3 

Q. Please describe the type of costs that are recovered through the Basic Service 4 

Charge. 5 

A. Customer costs include costs related to the minimum system that each customer must 6 

have in place to access the electric grid.  Customer costs also include the cost of 7 

operating and maintaining this minimum system as well as other costs not related to 8 

customer usage, such as meter reading, billing and customer service costs. The 9 

minimum system comprises the meter, service drop from the transformer, the 10 

transformer, the minimum size of wire, and poles extending to the distribution 11 

substation that are necessary to provide a customer with access to the electric grid.  12 

Once the cost of this minimum system is determined using the zero-intercept 13 

methodology (discussed later in my testimony), it can be allocated to each customer.  14 

Q. What other costs need to be considered in developing the Basic Service Charge? 15 

A. Customers often need more equipment than the minimum system in order to receive 16 

adequate service. The cost of this equipment above the minimum is related to the 17 

customer’s usage level and is a demand-related fixed cost that is recovered through 18 

either a demand or energy charge. A cost of service study is performed for the purpose 19 

of allocating costs as accurately as possible based on cost causation.  In a cost of 20 

 
2 Electronic Application of Jackson Energy Cooperative Corporation for a General Adjustment in Existing Rates, 

Case No. 2019-00066, Order at 8 (Ky. P.S.C. June 19, 2019). 
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service study, it is important to distinguish the distribution system costs related to 1 

demand from the distribution system costs that are related to the minimum system that 2 

are not related to demand, as discussed in the NARUC Electric Utility Cost Allocation 3 

Manual.  As discussed earlier, the Companies must install the minimum amount of 4 

equipment to provide customers with access to the electric grid.  This minimum 5 

amount of equipment is not related to the volume of electricity used by the customer, 6 

and each customer must have that minimum amount of equipment in place to obtain 7 

electric service.  These non-volumetric fixed distribution costs are associated with 8 

serving the customer and therefore should be borne by the customer through a fixed 9 

customer charge regardless of usage.  The remainder of the distribution costs, which 10 

are related to installed capacity, are classified as demand-related and are collected 11 

through a kWh energy charge for Rate RS or through a kW or kVA charge for 12 

customer classes billed under a three- or multi-part rate that has a demand charge.  13 

This split of distribution system costs between volumetric and fixed assures that 14 

customers only have to pay for what they are actually using, namely the basic 15 

minimum system that all customers require plus as much additional equipment as 16 

required to meet their needs. 17 

Q. Will the Companies’ proposed Basic Service Charges recover all of KU and 18 

LG&E’s customer-related costs for Rate RS?   19 

A. No.  KU’s proposed Basic Service Charge of $0.61 per day does not recover all of the 20 

customer-related fixed costs of $0.82 per day.  Likewise, LG&E’s proposed Basic 21 

Service Charge of $0.52 per day does not fully recover the customer-related fixed costs 22 
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of $0.69 per day.  The differences between the proposed Basic Service Charge and 1 

customer-related fixed costs will therefore be recovered in the energy charge.   2 

Q. Will the Companies’ proposed residential rates help to reduce subsidies? 3 

A. Yes.  There are two types of subsidies that need to be considered – inter-class subsidies 4 

and intra-class subsidies.  The term “inter-class subsidies” refers to subsidies that are 5 

provided from or to one class of customers to or from another class of customers, and the 6 

“intra-class subsidies” refers to subsidies that are provided from or to customers within 7 

the same rate class.  The Companies’ proposed rates are designed to make progress 8 

towards reducing both inter- and intra-class rate subsidies.  The apportionment of the 9 

total revenue increase to the customers was developed in such a manner as to provide a 10 

reduction in inter-class subsidies.   11 

  The rate making principle to follow to avoid intra-class subsidies is that fixed 12 

costs should be recovered through fixed charges (such as the customer charge and 13 

demand charge), and variable costs should be recovered through variable charges (such 14 

as the energy charge and the fuel adjustment charge).  If fixed costs are recovered through 15 

variable charges, such as the energy charge assessed on a kWh basis, each kWh contains 16 

a component of fixed costs and customers using more energy than the average customer 17 

in the class are paying more than their fair share of the utility’s fixed costs while 18 

customers using less energy than the average customer in the class are paying less than 19 

their fair share of the utility’s fixed costs.  These fixed costs should be collected through 20 

the billing units associated with the appropriate cost driver, and energy usage clearly is 21 

not the correct cost driver for collecting fixed costs.  22 
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The collection of fixed costs through the energy charge typically results in 1 

customers with above-average usage subsidizing customers with below-average usage.  2 

In order to eliminate this source of intra-class subsidies, the Companies propose a rate 3 

design that more closely follows the ratemaking principle of recovering fixed costs 4 

through fixed charges and variable costs through variable charges than does their current 5 

rate design. 6 

Increasing the Basic Service Charge by a larger percentage than the energy 7 

charge will help reduce subsidies by bringing the charges toward the actual cost of 8 

providing service.  Increasing KU’s Basic Service Charge from $0.53 per day to $0.61 9 

per day and increasing LG&E’s Basic Service Charge from $0.45 per day to $0.52 per 10 

day will eliminate some, but not all, of the subsidies that high-usage customers are 11 

currently providing low-usage customers.   12 

 13 

D. RESIDENTIAL TIME-OF-DAY ENERGY AND DEMAND SERVICES 14 

Q. Please provide a brief description of the Companies’ residential time-of-day 15 

rates. 16 

A. The Companies offer two residential time-of-day rates, RTOD-Energy and RTOD-17 

Demand.  Rate RTOD-Energy is a time-of-day rate that includes a time differentiated 18 

energy charge.  Under the rate, customers are charged a significantly lower energy 19 

charge for off-peak usage.  Rate RTOD-Demand is a time-of-day rate that includes a 20 

flat energy charge but a time differentiated demand charge.      21 

Q. Are the Companies proposing changes to the time-of-day periods (rating periods) 22 
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for their RTOD rates? 1 

A. Yes.  The Companies are proposing to modify the on-peak period during the months 2 

of November through March (“Winter Months”) for both RTOD-Energy and RTOD-3 

Demand.   The on-peak period during the Winter Months are currently 7 AM to 11 4 

AM.   KU and LG&E are proposing to redefine the on-peak period during the Winter 5 

Months as the hours between from 6 AM to 10 AM and from 6 PM to 10 PM.   With 6 

this change, the morning on-peak period will be shifted by one hour earlier in the 7 

morning, and non-contiguous evening hours will be added to the on-peak period to 8 

capture a secondary daily peak that occurs on the combined KU and LG&E system 9 

during the evening. 10 

 Q. Why are these changes to the on-peak period being made? 11 

A. The new on-peak hours will more accurately reflect the hours when a peak on the 12 

combined KU and LG&E system would likely occur during the Winter Months.   13 

Because the Companies plan their generation resources to meet their combined load, 14 

it is appropriate to define the peak period as the hours during which the combined 15 

system peak would likely occur.  Another objective is to define the peak period as 16 

narrowly as practicable so that customers can manage their loads to avoid higher on-17 

peak charges, while still reflecting the period during which the Companies’ peak will 18 

likely occur.  During the Winter Months, the Companies’ hourly combined system 19 

load will exhibit a pronounced peak during the morning and another during the 20 

evening.   In the industry, this is referred to vernacularly as a “double hump”, and is 21 
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illustrated in the following graph (GRAPH 1) showing the hourly expected load in 1 

MW for a January peak: 2 

 3 

GRAPH 1 4 

 5 
 6 

  This graph shows the typical hourly load pattern for KU and LG&E’s combined 7 

system on a winter peak day, with the evening peak somewhat lower than the morning 8 

peak.   While the peak during the Winter Months will typically occur during the 9 

morning hours, the Companies’ all-time winter peak occurred during the evening.  10 
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GRAPH 2 shows the hourly loads in MW for the Companies’ all-time highest winter 1 

peak that occurred on January 6, 2014: 2 

 3 

GRAPH 2 4 

 5 

  6 

As seen in the graph, the Companies proposed on-peak period would encompass this 7 

all-time winter system peak. 8 

Q. What charges are KU and LG&E proposing for Rate RTOD-Energy? 9 

A. KU is proposing to increase the Basic Service Charge from $0.53 per day to $0.61 per 10 
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day, to increase the off-peak Energy Charge from $0.05760 per kWh to $0.06512 per 1 

kWh, and to decrease the on-peak Energy Charge from $0.27542 per kWh to $0.22124 2 

per kWh.   LG&E is proposing to increase the Basic Service Charge from $0.45 per 3 

day to $0.52 per day, to increase the off-peak Energy Charge from $0.07080 per kWh 4 

to $0.08180 per kWh, and to decrease the on-peak Energy Charge from $0.20508 per 5 

kWh to $0.17949 per kWh.   The proposed Basic Service Charges for the Companies 6 

are the same as for Rate RS.   The increases in the off-peak Energy Charges and 7 

decreases in the on-peak Energy Charges account for proposed changes to the off-8 

peak and on-peak hours during the Winter Months described above. 9 

Q. What charges are KU and LG&E proposing for Rate RTOD-Demand? 10 

A. KU is proposing a Basic Service Charge of $0.61 per day, an Energy Charge of 11 

$0.04476 per kWh, a Base Demand charge of $4.01 per kW, and a Peak Demand 12 

charge of $10.37 per kW.  LG&E is proposing a Basic Service Charge of $0.52 per 13 

day, an Energy Charge of $0.05340 per kWh, a Base Demand charge of $4.22 per kW, 14 

and a Peak Demand charge of $9.25 per kW.  The energy charge for Rate RTOD-15 

Demand is broken down into Variable Energy Charge and Infrastructure Energy 16 

Charge components.    17 

 18 

E. GENERAL SERVICE (RATE GS) 19 

Q. Please provide a brief description of Rate GS. 20 

A. Rate GS is the standard electric rate schedule available to small commercial and 21 

industrial customers served at secondary voltages (available voltages less than 22 
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2,400/4,160Y volts).  The rate schedule is limited to customers whose 12-month 1 

average monthly demands do not exceed 50 kW.  Approximately 83,000 small 2 

commercial and industrial customers are served under Rate GS on KU and 3 

approximately 45,000 are served under Rate GS on LG&E.  Rate GS has a two-part 4 

rate structure that includes a Basic Service Charge and an Energy Charge. 5 

Q. What charges are the Companies proposing for Rate GS? 6 

A. KU is proposing an increase in the Basic Service Charge for Rate GS from $1.04 per 7 

day to $1.35 per day for single-phase service and from $1.66 per day to $2.15 per day 8 

for three-phase service.  LG&E is proposing an increase in the Basic Service Charge 9 

for Rate GS from $1.04 per day to $1.16 per day for single-phase service and from 10 

$1.66 per day to $1.85 per day for three-phase service.   KU is proposing to increase 11 

the energy charge from $0.11225 per kWh to $0.12469 per kWh, and LG&E is 12 

proposing to increase the energy charge from $0.10530 per kWh to $0.12355 per kWh. 13 

As with Rate RS, the energy charge for Rate GS is broken down into Variable Energy 14 

Charge and Infrastructure Energy Charge components.  For KU the proposed Variable 15 

Energy Charge is $0.03253 per kWh, and the proposed Infrastructure Energy Charge 16 

is $0.09216 per kWh.  For LG&E the proposed Variable Energy Charge is $0.03340 17 

per kWh, and the proposed Infrastructure Energy Charge is $0.09015 per kWh. 18 

 19 

F. GENERAL TIME-OF-DAY SERVICE (RATE GTOD) 20 

Q. Are the Companies proposing a General Time-of-Day service? 21 

A. Yes.   The Companies are proposing to offer optional General Time-of-Day Service 22 
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(Rate GTOD-Energy and GTOD-Demand) standard rates that would be available to 1 

any General Service (Rate GS) customer enrolled under the Advanced Metering 2 

Systems Customer Service Offering set forth in the Companies’ Demand-Side 3 

Management Cost Recovery Mechanism.  Currently there are approximately 460 KU 4 

and LG&E customers enrolled under the Advanced Metering Systems Customer 5 

Service Offering that would be eligible to take service under Rate GTOD-Energy or 6 

GTOD-Demand.    7 

Q. Please describe the rate structure for Rate GTOD-Energy. 8 

A. Rate GTOD-Energy will have the same pricing structure as RTOD-Energy.   9 

Specifically, GTOD-Energy will consist of a Basic Service Charge and a time-10 

differentiated Energy Charge consisting of an Off-Peak Charge and an On-Peak 11 

Charge.  During the Summer Months of April through October, the On-Peak will be 12 

1:00 PM to 5:00 PM on weekdays, with all other hours considered Off-Peak.  During 13 

the Non-Summer Months of November through March, the On-Peak will be 6 AM to 14 

10 AM in the morning and 6 PM to 10 PM in the evening, with all other hours 15 

considered Off-Peak. 16 

Q. What charges are KU and LG&E proposing for GTOD-Energy? 17 

A. KU is proposing a Basic Service Charge $1.35 per day for single-phase service and 18 

$2.15 per day for three-phase service.  KU is proposing an off-peak Energy Charge of 19 

$0.08094 per kWh and an on-peak Energy Charge of $0.30029 per kWh.  LG&E is 20 

proposing a Basic Service Charge $1.16 per day for single-phase service and $1.85 21 

per day for three-phase service.  LG&E is proposing an off-peak Energy Charge of 22 
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$0.08075 per kWh and an on-peak Energy Charge of $0.24797 per kWh.    1 

 Q. Please describe the rate structure for Rate GTOD-Demand. 2 

A. Rate GTOD-Demand will have the same pricing structure as RTOD-Demand.   3 

Specifically, GTOD-Demand will consist of a Basic Service Charge, Energy Charge, 4 

Peak Demand Charge, and Base Demand Charge.  During the Summer Months of 5 

April through October, the On-Peak will be 1:00 PM to 5:00 PM on weekdays, with 6 

all other hours considered Off-Peak.  During the Non-Summer Months of November 7 

through March, the On-Peak will be 6 AM to 10 AM in the morning and 6 PM to 10 8 

PM in the evening, with all other hours considered Off-Peak. 9 

Q. What charges are KU and LG&E proposing for GTOD-Demand? 10 

A. KU is proposing a Basic Service Charge of $1.35 per day for single-phase service and 11 

$2.15 per day for three-phase service.  KU is proposing an Energy Charge of $0.06916 12 

per kWh, Peak Demand Charge of $14.16 per kW per month, and Base Demand 13 

Charge of $5.47 per kW per month.  LG&E is proposing a Basic Service Charge $1.16 14 

per day for single-phase service and $1.85 per day for three-phase service. LG&E is 15 

proposing an Energy Charge of $0.05950 per kWh, Peak Demand Charge of $11.75 16 

per kW per month, and Base Demand Charge of $5.37 per kW per month.  Exhibit 17 

WSS-3 shows the cost support for the charges. 18 

 19 

G. ALL ELECTRIC SCHOOLS SERVICE (AES) (KU ONLY) 20 

Q. Please provide a brief description of Rate AES. 21 

A. Rate AES is a KU-only rate generally available for school buildings, although the rate 22 
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is closed to new customers and is limited to customers that were qualified for, and 1 

being served on, Rate AES as of July 1, 2011.  There are approximately 420 schools 2 

taking service under Rate AES.   KU is proposing to increase the energy charge from 3 

$0.08732 per kWh to $0.10079 per kWh.  The energy charge for Rate AES is broken 4 

down into Variable Energy Charge and Infrastructure Energy Charge components.  5 

The proposed Variable Energy Charge is $0.03223 per kWh, and the proposed 6 

Infrastructure Energy Charge is $0.06856 per kWh. 7 

 8 

H. POWER SERVICE (RATE PS) 9 

Q. What charges are the Companies proposing for Rate PS? 10 

A. Rate PS is available for large commercial and industrial customers served at secondary 11 

voltages (available voltages less than 2,400/4,160Y volts) whose 12-month average 12 

loads exceed 50 kW but do not exceed 250 kW and for large commercial and industrial 13 

customers served at primary voltages (2,400/4,160Y volts, 7,200/12,470Y volts, or 14 

34,500 volts) whose 12-month average do not exceed 250 kW. The rate changes 15 

proposed for Rate PS are shown on Schedule M-2.3 for KU and Schedule M-2.3-E for 16 

LG&E. 17 

 18 

I. LARGE CUSTOMER RATES (RATES TODS, TODP, RTS, FLS) 19 

Q. What are the standard large customer rates offered by KU and LG&E? 20 

A. KU and LG&E offer four standard rates for large commercial and industrial 21 

customers: Time-of-Day Secondary Service (Rate TODS), Time-of-Day Primary 22 
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Service (Rate TODP), Retail Transmission Service (Rate RTS), and Fluctuating Load 1 

Service (Rate FLS).  Rate TODS is available to customers served at secondary 2 

voltages (available voltages less than 2,400/4,160Y volts) with average demands 3 

between 250 kW and 5,000 kW.  Rate TODP is available to customers served at 4 

primary voltages (2,400/4,160Y volts, 7,200/12,470Y volts, or 34,500 volts) with 5 

average demands greater than 250 kVA.  Rate RTS is available to customers served at 6 

transmission voltages (69,000 volts or higher) with average demands greater than 250 7 

kVA.  Rate FLS is available to customers served at primary or transmission voltage 8 

whose demands are 20,000 kW or greater.  Customers with demands of 20,000 kW or 9 

greater whose load either increases or decreases 20 MVA or more per minute or whose 10 

load either increases or decreases 70 MVA or more in ten minutes, when any such 11 

increases or decreases occur more than once during any hour of the month, are 12 

required to take service under Rate FLS.  The Companies’ largest customers are served 13 

under these rate schedules.  For KU, the proposed charges for Rates TODS, TODP, 14 

RTS, and FLS are shown on pages 9, 10, 11, and 12, respectively, of Schedule M-2.3 15 

of KU’s Filing Requirements.  For LG&E, the proposed charges for Rates TODS, 16 

TODP, RTS, and FLS are shown on pages 8, 9, 10, and 11, respectively, of Schedule 17 

M-2.3-E of LG&E’s Filing Requirements. 18 

Q. Do all of these rate schedules have the same basic rate structure? 19 

A. Yes.  All four of these rates have a rate structure consisting of a Basic Service Charge, 20 

an Energy Charge, and a Maximum Load Charge comprising a Peak Demand Charge, 21 

an Intermediate Demand Charge, and a Base Demand Charge. The demand charges 22 
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for these rates are billed based on a charge per kVA.  The Peak Demand Charge applies 1 

to billing demands (maximum demands) that occur during the weekday hours (“Peak 2 

Demand Period”) from 1:00 PM to 7:00 PM during the summer months of May 3 

through September (“summer peak months”) and during the weekday hours from 6:00 4 

AM to 12:00 Noon during winter months of October through April (“winter peak 5 

months”).  The Intermediate Demand Charge applies to billing demands that occur 6 

during the weekday hours (“Intermediate Demand Period”) from 10:00 AM to 10:00 7 

PM during the summer peak months and from 6:00 AM to 10:00 PM during the winter 8 

peak months.  The Base Demand Charge applies to the billing demands that occur at 9 

any time during the month. 10 

Q. Is there a cost basis for this rate structure? 11 

A. Yes.  The Companies must install sufficient generation resources to meet their peak 12 

demands.  Peak demand conditions occur during the summer peak months and the 13 

winter peak months.  Furthermore, peak conditions occur during hours between 6:00 14 

AM and 10:00 PM but vary by season.  The Companies must also install sufficient 15 

transmission and distribution facilities to deliver power to individual customers 16 

regardless of when they need it – during the peak or intermediate period or otherwise.  17 

Over the years, the Companies have structured the Peak Demand Charge and the 18 

Intermediate Demand Charge so that these charges would essentially provide recovery 19 

of generation fixed costs.  The Base Demand Charge was structured so that the charge 20 

would basically provide recovery of transmission and distribution demand-related 21 

costs.  Therefore, the Maximum Load Charge is essentially unbundled between 22 
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generation fixed costs, which are recovered through the Peak and Intermediate 1 

Demand Charges, and transmission and distribution demand-related fixed costs, which 2 

are recovered through the Base Demand Charge. 3 

Q. Are the Companies proposing any changes to the pricing structure of these 4 

rates? 5 

A. No.   6 

 7 

J. CURTAILABLE SERVICE RIDERS (CSR) 8 

Q. Please describe the Companies’ CSR schedules. 9 

A. The Companies’ CSR schedules provide credits to industrial or commercial customers 10 

who have agreed to interrupt a portion of their load when called upon by KU or LG&E.  11 

Curtailable customers receive a discount in the form of a credit to their demand 12 

charges in exchange for their willingness to receive curtailable service on a designated 13 

portion of their load.  KU and LG&E have two CSR schedules: Curtailable Service 14 

Rider-1 (Rider CSR-1) and Curtailable Service-2 (Rider CSR-2).  The Companies’ 15 

CSR schedules are now all closed to new participation.   16 

Q. Are KU and LG&E proposing changes to the CSR schedules? 17 

A. No, other than a change to the LG&E CSR schedules to indicate that they are now 18 

closed to new participation.  Specifically, the Companies are not proposing to change 19 

the CSR credits.  20 

 21 
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K. OUTDOOR SPORTS LIGHTING SERVICE (OSL) 1 

Q. Please describe OSL. 2 

A. OSL is a pilot rate introduced in the Stipulation and Recommendation in the 3 

Companies’ 2016 rate case proceedings.  The pilot rate is limited to 20 customers each 4 

for KU and LG&E on a first-come-first-served basis.   The rate affords customers with 5 

lighting for outdoor sports fields to realize savings by operating their lighting 6 

equipment during off-peak hours.  The rate consists of a Basic Service Charge, Energy 7 

Charge, and Base and Peak Demand Charges.   KU currently serves four OSL-8 

Secondary customers, and LG&E currently serves one OSL-Secondary customer.   No 9 

customers take service under OSL-Primary. 10 

 Q. Are the Companies proposing to retain OSL? 11 

A. Yes.  The Companies are proposing to retain the rate schedule as a pilot program.  By 12 

allowing sports fields the opportunity to avoid the Companies’ system peaks and 13 

thereby avoid costs, the rate schedule appears to be operating effectively.  14 

Furthermore, the Companies’ cost of service studies do not indicate that OSL is being 15 

subsidized by other customer classes.   Therefore, the Companies propose to continue 16 

the rate as a pilot program.   Because there are fewer than 20 customers currently 17 

taking service under OSL, the Companies propose to leave the maximum number of 18 

customers under the schedules at the current level of 20 customers on each system. 19 

Q. Are the Companies proposing to adjust the Peak Period for the Summer Months 20 

for OSL? 21 

A. Yes.  To accommodate the management of sports lighting loads in late September, the 22 



 

 

 

- 34 - 

Companies are proposing to reduce the Peak Period during the summer peak months 1 

by one hour from the current peak hours of 1 PM – 7 PM to 1 PM – 6 PM.     2 

Q. Are the Companies proposing to adjust the charges for OSL? 3 

A. Yes.  For OSL-Secondary, KU is proposing to decrease the energy charge from 4 

$0.03249 to $0.03210 per kWh, to decrease the Peak Demand Charge from $24.17 to 5 

$19.61 per kW and increase the Base Demand Charge from $2.02 to $2.93 per KW. 6 

These changes result in a net decrease in revenue for this rate of approximately 5.0% 7 

for KU.  LG&E is proposing to decrease the energy charge for OSL-Secondary from 8 

$0.03441 to $0.03292 per kWh, to decrease the Peak Demand Charge from $26.57 to 9 

$23.14 per kW and decrease the Base Demand Charge from $3.44 to $3.38 per KW. 10 

These changes result in a net decrease in revenue for this rate of approximately 10.0% 11 

for LG&E. The detailed rate changes for OSL are shown on pages 16 and 17 of 12 

Schedule M-2.3 for KU and Schedule M-2.3-E for LG&E.    13 

 14 

L. LIGHTING RATES 15 

Q. Please provide an overview of the lighting rates currently offered by KU and 16 

LG&E. 17 

A. KU and LG&E offer two rates that include the lighting fixture along with the delivered 18 

energy to operate the lights.  Those two rates are Lighting Service (Rate LS) and 19 

Restricted Lighting Service (Rate RLS).  Under Rates LS and RLS, the rates include 20 

the lighting fixtures along with the delivered energy to operate the lighting fixtures.   21 

Under these two rates, the lights can be fed by either overhead or underground service.  22 
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For lights fed from underground service, the cost of a non-wood pole is currently 1 

included in the rate.  For lights fed from overhead service, the fixture is typically 2 

attached to an existing pole; therefore, the cost of the pole is not included in the rate.  3 

However, if a wood pole must be installed to provide service for an overhead light, 4 

then the customer would pay a separate monthly fee for that pole.  KU and LG&E also 5 

offer two types of delivered energy service to customers who own their lighting 6 

fixtures or traffic signal and control equipment.  Those two rates are Lighting Energy 7 

Service (Rate LE) and Traffic Energy Service (Rate TE).    8 

Q. Please provide an overview of the proposed modifications to Rates LS and RLS. 9 

A. In their 2016 and 2018 rate cases, KU and LG&E each introduced a number of light-10 

emitting diode (LED) offerings.   In the current rate case, KU is offering a new 11 

Victorian style LED offering, and LG&E is offering a new Victorian and a new 12 

London style LED offering.     Under the proposed tariffs, the Companies will no 13 

longer be installing new non-LED lights.  Accordingly, all non-LED lights would be 14 

moved from Rate LS to Rate RLS and thus be restricted.   The Companies will 15 

continue to maintain the existing non-LED lights. However, if a non-LED fixture fails 16 

and the Companies no longer have replacement equipment in inventory to repair or 17 

replace the fixture, then the customer will be given a choice to have the light removed 18 

or to replace the non-LED light with an LED light.   KU and LG&E will also continue 19 

to allow customers, at their option, to replace non-LED lights that are functioning (i.e., 20 

in good working order) with LED lights, but in those instances the customer would 21 

pay an LED Conversion Fee, as approved by the Commission in Case Nos. 2018-22 
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00294 and 2018-00295.    1 

Q. How were the charges for the LED fixtures determined?   2 

A. For overhead lights, the proposed charge reflects the current cost to the Companies of 3 

the LED fixture, photocell and associated equipment (service wire, connectors, etc.), 4 

labor required for installation, and expected maintenance of the fixture.  For 5 

underground lights, the Companies are proposing to break out the charges into a 6 

fixture charge and a pole charge.  The fixture charge consists of the costs to the 7 

Companies of an LED fixture, photocell, labor required for installation, and expected 8 

maintenance of the fixture.  Included in the pole charge is the cost to the Companies 9 

of the pole and associated equipment (base, connectors, etc.), labor to install the pole, 10 

and expected maintenance of the pole.  The proposed charges for both underground 11 

and overhead fixtures are determined by calculating the monthly costs of the various 12 

types of fixtures using a standard carrying cost methodology that is consistent with 13 

how overall revenue requirements are determined in these proceedings.  The cost of 14 

the fixtures reflects the installed cost of new fixtures, associated equipment, and 15 

maintenance. In calculating the charge for poles for underground lighting service, the 16 

annual cost was determined based on the embedded cost of an existing pole.  In other 17 

words, it is assumed that an LED fixture will be installed on an existing pole, and the 18 

cost of the pole thus reflects the net depreciated cost of a pole on KU or LG&E’s 19 

system.  This is a reasonable assumption because for most LED conversions the 20 

existing pole will be used.  The carrying charge calculations used to develop the rates 21 

for the fixtures assume an average service life of 25 years for the new LED offerings. 22 
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The calculation of the charges for the overhead and underground LED fixtures and the 1 

underground poles are shown in Exhibit WSS-4.  2 

Q. Are the Companies proposing to lower the LED Conversion Fee that was 3 

authorized in the Companies last rate cases?   4 

A. Yes.  The LED Conversion Fee was approved by the Commission in Case Nos. 2018-5 

00294 and 2018-00295.   The Companies have updated the cost support for the 6 

Conversion Fee, as shown in Exhibit WSS-5.   Based on the updated cost support, KU 7 

is proposing to reduce the monthly LED Conversion Fee from $6.03 to $5.01 per 8 

fixture per month, and LG&E is proposing to reduce the monthly LED Conversion 9 

Fee from $7.37 to $7.08 per fixture per month.3 10 

Q. Are the Companies proposing to offer customers an option to pay the LED 11 

Conversion Fee as an up-front charge?   12 

A. Yes.  The LED Conversion Fee was implemented by the Commission in Case Nos. 13 

2018-00294 and 2018-00295.  The LED Conversion Fee was structured as a monthly 14 

charge that would be assessed over a period of five years.   The Companies are 15 

proposing an option that would allow customers to make an up-front payment of the 16 

fee.  The up-front payment reflects a discounted payment reflecting the discounted 17 

 
3 For accounting purposes, the Companies record a portion of the monthly conversion fees as revenue and a 

portion as a credit to net plant (viz., Account No. 108 – Accumulated Depreciation - Salvage).   The portion 

credited to plant reflects the contribution that the conversion fees make toward the direct recovery of the stranded 

plant cost.    Based on the current LED Conversion fee, for KU $2.07 of the fee is recorded as revenue and $3.96 

is recorded as a credit to plant, and for LG&E, $2.56 of the fee is recorded as revenue and $4.81 is credited to 

plant.  Based on the proposed LED Conversion Fee, for KU $1.72 of the fee would be recorded as revenue and 

$3.29 would be credited to plant, and for LG&E $2.46 of the fee would be recorded as revenue and $4.62 would 

be credited to plant.  While both charges are shown in Schedule M-2.3 for KU and LG&E, only the revenue 

components of the conversion fees are included in test-year revenues. 
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present value charges based on KU and LG&E’s weighted cost of capital.  A KU 1 

customer that chooses to convert a restricted light to an LED light could elect to pay 2 

either $5.01 per month for 60 months or make an upfront payment of $197.16.  An 3 

LG&E customer that chooses to convert a restricted light to an LED light could elect 4 

to pay either $7.08 per month for 60 months or make an upfront payment of $277.29. 5 

Q. Please discuss the proposed rate changes to Rates LS, RLS, LE, and TE.   6 

A. KU is not proposing an increase for Rate LS and RLS in total. However, KU is 7 

proposing changes to the monthly charges for individual fixtures and poles.   For LED 8 

fixtures offered under Rate LS, KU is proposing to change the monthly charge for 9 

each fixture to reflect the current cost of the fixture.  KU is also proposing to change 10 

the monthly charge for poles to reflect the current cost of each pole. This generally 11 

resulted in a reduction in the charges for LS LED fixtures and an increase in the 12 

charges for LS poles.  Accounting for the effect of eliminating the ECR projects and 13 

the net reduction in revenue due to the decreases in the charges for LS fixtures and 14 

poles resulted in an increase of approximately 1.75% for each RLS fixture4 to produce 15 

revenue neutral rates for LS and RLS customer class as a whole.  The overall 16 

percentage increase in total revenue for LS and RLS, after accounting for revenues 17 

from the rate mechanisms (FAC, ECR, etc.) is 0.00% for KU. 18 

 
4 The 1.75% increase in monthly unit charges for non-LED fixtures reflects the effect of transferring cost 

recovery of eliminated ECR projects into base rates and the impact of the proposed adjustments in the charges 

for poles and LED fixtures to current customers.   While there is an increase in the monthly unit charge for non-

LED fixtures, there is a corresponding reduction in the ECR mechanism revenues that would be billed.  Of the 

1.75% increase, 1.63% is related to the transfer of cost recovery of ECR revenue into base revenue. 

 



 

 

 

- 39 - 

  LG&E is proposing an increase of 11.90% for Rate LS and RLS in total.  For 1 

LED fixtures offered under Rate LS, LG&E is again proposing to change the monthly 2 

charge for each fixture to reflect the current cost of the fixture.  LG&E is also 3 

proposing to change the monthly charge for poles to reflect the current cost of each 4 

pole. This generally resulted in an increase in the charges for LS LED fixtures and an 5 

increase in the charges for LS poles.  Accounting for the effect of eliminating the ECR 6 

projects and the increases in charges for LED fixtures and poles, an increase of 7 

approximately 16.57% was required for each RLS fixture and pole5 to produce an 8 

overall increase for Rate LS and RLS of 11.90%.  Therefore, the overall percentage 9 

increase in total revenue for LS and RLS, after accounting for revenues from the rate 10 

mechanisms (FAC, ECR, etc.) is 11.90% for LG&E.  The cost support for LED 11 

fixtures under LS and for poles is included in Exhibit WSS-4.  The Companies are not 12 

proposing revenue increases for Rates LE and TE.  However, the energy charge for 13 

the rates are modified to reflect the elimination of ECR projects.  Changes in all 14 

lighting rates are shown in Schedule M-2.3 for KU and Schedule M-2.3-E for LG&E. 15 

 16 

M. SOLAR SHARE  17 

Q. Please describe KU and LG&E’s Solar Share rates. 18 

 
5 The 16.57% increase in the monthly unit charges for non-LED fixtures reflects the effect of transferring cost 

recovery of eliminated ECR projects into base rates and the impact of the proposed adjustments in the charges 

for poles and LED fixtures to current customers.  While there is an increase in the monthly unit charge for non-

LED fixtures, there is a corresponding reduction in the ECR mechanism revenues that would be billed.  Of the 

16.57% increase, 4.53% is related to the transfer of cost recovery of ECR revenue into base revenue. 
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A. KU and LG&E offer an optional Solar Share Program Rider (Rider SSP) under which 1 

customers can purchase electric energy from solar panels jointly installed and maintained 2 

by the Companies.   Rider SSP was filed by the Companies on August 2, 2016, in Case 3 

No. 2016-00274 and was approved by the Commission in its Order dated November 4, 4 

2016.   As originally filed, Rider SSP included three rate components: (1) an upfront 5 

subscription fee, (2) a monthly Solar Capacity Charge, and (3) monthly Solar Energy 6 

Credits for the energy produced by the Solar Share Facilities.   On August 2, 2018, the 7 

Companies filed revised tariff sheets with the Commission to consolidate the upfront 8 

subscription fee with the Solar Capacity Charge and account for the effects of the federal 9 

Tax Cuts and Jobs Act and Kentucky House Bill 487.   This change, which was accepted 10 

for filing by the Commission on August 28, 2018, resulted in the currently effective 11 

monthly Solar Capacity Charge of $5.55 per quarter-kW (nominal) subscribed. 12 

Q. Are the Companies proposing modifications to KU and LG&E’s Solar Share 13 

rates?   14 

A. No.   15 

Q. In the Companies’ last rate cases, adjustments to miscellaneous revenues were 16 

made to ensure that costs related to the Solar Share Program were not shifted 17 

to other customers.  Are the Companies making such adjustments for Solar 18 

Share in these proceedings?  19 

A. Yes.   The Solar Share Program was approved as a pilot program in Case No. 2016-20 

00274.   In that proceeding, the Companies made a commitment that the Solar Share 21 

Program would not result in increased charges to the Companies’ other customers.   22 
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The Companies will continue to honor that commitment.  To ensure that the costs of 1 

the Solar Share Program are not shifted to other customers, the Companies have 2 

imputed revenues to bring the class rate of return for Solar Share in the Companies’ 3 

cost of service studies up to the overall rate of return on rate base proposed by the 4 

Companies in these proceedings.  The Companies are also making imputed revenue 5 

adjustments for their Business Solar Programs.  Specifically, for the Solar Share 6 

Programs, revenues of $295,846 are imputed for KU and revenues of $110,942 are 7 

imputed for LG&E.   For the Business Solar Programs, revenues of $9,579 are imputed 8 

for KU and revenues of $9,378 are imputed for LG&E. 9 

 10 

N. NET METERING 11 

Q. Are the Companies proposing a new rate schedule for Net Metering Service to 12 

address recent amendments to KRS 278.465 – 278.467?  13 

A. Yes.   The Companies are proposing a new rate schedule called “NMS-2 Net Metering 14 

Service-2” that implements changes authorized by the amended statutes.  NMS-2 will 15 

apply to new or non-grandfathered eligible customer-generators served by KU or 16 

LG&E on or after the date on which new rates from these proceedings take effect.   17 

Eligible electric generating facilities for which the Companies’ written Application 18 

for Interconnection and Net Metering have been executed prior to the date new rates 19 

take effect will be grandfathered for 25 years under the Companies’ current rate 20 

schedule for Net Metering Service, which will be renamed Net Metering Service – 1 21 

(NMS-1).  In my testimony, such customers who own such facilities are referred to as 22 
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“grandfathered net metering customers.”  Customers to be served under NMS-2 are 1 

referred to as “non-grandfathered” or “new” net metering customers.   2 

Q. What is a “customer-generator” according to the statutes?  3 

A. Subparagraph (1) of KRS 278.465 defines an “eligible customer-generator” as 4 

follows: 5 

“Eligible customer-generator” means a customer of a retail electric 6 

supplier who owns and operates an electric generating facility that 7 

is located on the customer’s premises, for the primary purpose of 8 

supplying all or part of the customer’s own electricity requirements. 9 

 10 

 According to subparagraph (1)(b) of KRS 278.465, the eligible customer-generator 11 

would generate power from an “eligible electric generating facility”, which must 12 

generate electricity from solar energy, wind energy, biomass or biogas energy, or 13 

hydro energy and cannot have a rated capacity above 45 kW.   In the industry, an 14 

“eligible customer-generator” is also referred to as a “renewable distributed generation 15 

customer”.   I will use the terms “customer-generator” and “distributed generation 16 

customer” interchangeably to refer to an “eligible customer-generator” as defined in 17 

KRS 278.465.    18 

Q. Does KRS 278.466 indicate that the utility shall compensate the customer-19 

generator for the energy supplied to the grid?  20 

A. Yes.  Subparagraph (3) of KRS 278.466 states: 21 

A retail electric supplier serving an eligible customer-generator shall 22 

compensate that customer for all electricity produced by the 23 

customer's eligible electric generating facility that flows to the retail 24 

electric supplier, as measured by the standard kilowatt-hour 25 

metering prescribed in subsection (2) of this section. The rate to be 26 
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used for such compensation shall be set by the commission using 1 

the ratemaking processes under this chapter during a proceeding 2 

initiated by a retail electric supplier or generation and transmission 3 

cooperative on behalf of one (1) or more retail electric suppliers. 4 

 5 

Q. How are the Companies proposing to compensate new customer-generators for 6 

energy they supply to the grid?  7 

A. Under the Companies’ proposed NMS-2 schedule, new customer-generators will be 8 

compensated for any net generation they supply to the grid (i.e., generation that 9 

exceeds their energy requirements during the month) at the avoided cost rate set forth 10 

in Rate B – Non-Time Differentiated Rate set for KU and LG&E’s Small Capacity 11 

Cogeneration and Small Production Qualifying Facilities Rider (Rider SQF). 12 

Q. Please provide some background on the Companies’ Rider SQF.  13 

A. SQF was implemented to comply with Sections 201 and 210 of the Public Utility 14 

Regulatory Policies Act of 1978 (“PURPA”).   Both KU and LG&E were required to 15 

implement rate schedules under which the Companies would purchase energy from 16 

cogeneration and small power production qualifying facilities (“qualifying facilities”).  17 

These rate schedules were designed to apply to energy produced from cogeneration 18 

and from small power production from what are now characterized as “renewable 19 

resources”.    In its Order in Administrative Case No. 244, the Commission introduced 20 

807 KAR 5:054 implementing Sections 201 and 210 of PURPA.6     In compliance 21 

with those regulations, the Companies filed rate schedules applicable to energy 22 

 
6 See The Adoption of a Small Power Production and Cogeneration Regulation Pursuant to Section 210 of Public 

Utility Regulatory Policies Act, Admin. Case No. 244, Order (Ky. P.S.C. Feb. 10, 1981). 
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purchased from qualifying facilities.   Rider SQF is applicable to energy purchased 1 

from qualifying facilities of 100 kW or less. 2 

Q. What are avoided energy costs, and why is it appropriate to compensate customer-3 

generators at a rate reflective of avoided costs?  4 

A. The term avoided energy costs means the incremental costs of the energy that the 5 

utility would otherwise generate itself or purchase from another source if the 6 

customer-generator did not supply the energy.   Whenever a distributed generation 7 

customer supplies electric energy to the grid, the utility can avoid generating the 8 

energy or purchasing the energy from another power supplier and thus avoid the 9 

incurring cost of the generating or purchasing the energy.   Because of the intermittent 10 

and uncertain nature of the energy source (i.e., due the intermittent and uncertain 11 

availability of wind, sunlight, etc.), renewable distributed generating facilities 12 

identified in subparagraph (1)(b) of KRS 278.465 cannot be dispatched by the utility 13 

and cannot be supplied as firm capacity.  Thus, only energy costs are avoided by the 14 

utility receiving electric energy from a customer-generator.   Accordingly, the energy 15 

rates for energy purchases under SQF, which apply to qualifying facilities of 100 kW 16 

or less and are based on avoided energy costs, should also apply to the energy supplied 17 

to the grid by new customer-generators, as addressed in Subparagraph (3) of KRS 18 

278.466.  As specified in Subsection (5)(1)(a) of the 807 KAR 5:054 of the 19 

Commission’s regulations, the Companies’ avoided energy costs, as used to determine 20 

the purchase rates under SQF, are updated every two years.  Using the avoided cost 21 

rate set forth in SQF will therefore place the compensation that new customer-22 
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generators receive under NMS-2 on the same non-discriminatory footing as the 1 

compensation that qualifying facilities receive under SQF. 2 

Q. Will compensating customer-generators at avoided costs for the energy they 3 

supply to the grid put net metering on a more economically accurate footing for 4 

new customer-generators?  5 

A. Yes.  Under the older-style net metering service (such as the Companies’ NMS-1, 6 

which will continue to be available for grandfathered customer-generators), customer-7 

generators would be compensated for the power they put on the grid at a rate that is 8 

over four times the cost that would otherwise be incurred by the Companies to 9 

generate the power themselves or purchase the power.   For example, KU is proposing 10 

an energy charge of $0.09950 per kWh for Rate RS.   Therefore, under the older-style 11 

net metering service such as NMS-1, KU would effectively compensate customer-12 

generators at a rate of $0.09950 per kWh plus amounts reflecting various cost-13 

recovery riders (i.e., FAC, DSM, and ECR) for power they supply to the grid.   14 

However, the cost that KU would incur to generate this power itself or purchase the 15 

power is currently only $0.02173 per kWh.7   Consequently, under the older-style net 16 

metering service such as NMS-1, customer-generators are compensated at a rate that 17 

is over four times the economic value of the energy.  This creates the situation in 18 

which one group of customers, customer-generators, is being subsidized by other 19 

customers, non-customer-generators.  This is particularly problematic in the case of 20 

 
7 $0.2173 per kWh is the current non-time-differentiated avoided cost rate in KU for Small Cogeneration and 

Small Power Production Qualifying Facilities (Standard Rate Rider SQF). 
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low-income customers who may not be able to afford to install solar panels or other 1 

types of distributed generation facilities.  In those instances, lower-income customers, 2 

who may not be able to afford solar panels, would be required to subsidize higher-3 

income customers who can afford to install solar panels.   Compensating customer-4 

generators at avoided costs for the power they put on the grid will eliminate these 5 

types of cross subsidies and will establish a more economically accurate framework 6 

for compensating net metering customers. 7 

 8 

O. OTHER COST CONSIDERATIONS FOR SERVING CUSTOMER-9 

GENERATORS 10 

Q. Are there provisions of the net metering statutes that the Companies are choosing 11 

not to address at this time? 12 

A. Yes.   Subsection (5) of KRS 278.466 states: 13 

Using the ratemaking process provided by this chapter, each retail 14 

electric supplier shall be entitled to implement rates to recover from 15 

its eligible customer-generators all costs necessary to serve its 16 

eligible customer-generators, including but not limited to fixed and 17 

demand-based costs, without regard for the rate structure for 18 

customers who are not eligible customer-generators. 19 

 20 

 This subsection entitles electric energy suppliers subject to KRS 278.465 to .467 to 21 

implement new rate schedules that recover the cost of providing service to customer-22 

generators “without regard for the rate structure for customers who are not eligible 23 
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customer-generators”.8  The Companies are choosing not to develop cost-based rates 1 

designed specifically for distributed generation customers at this time, but the 2 

Companies plan to continue to evaluate the use of cost-based rate designs, such as 3 

four-part rates that include a customer charge, energy charge, peak demand charge, 4 

and base demand charge, to serve distributed generation customers. 5 

Q. Why aren’t the Companies implementing fully cost-based rates that recover fixed 6 

and demand-based costs? 7 

A. By compensating net generation based on the rates set forth in SQF, the Companies 8 

believe that they are taking a major step toward addressing some of the subsidy issues 9 

related to serving distributed generation customers.  The Companies’ proposal 10 

represents a gradual movement toward implementing a cost-based pricing structure 11 

for customer-generators that will reduce some of the subsidies provided by non-12 

distributed generation customers to distributed generation customers.  The 13 

Companies’ proposal is thus consistent with the ratemaking principles of rate 14 

continuity and gradualism.   Before implementing fully cost-based rate structures, such 15 

as four-part rates, the Companies have also determined that it is necessary to gather 16 

more load data for distributed generation customers.   Additionally, the Companies 17 

believe that more community and customer education and outreach are necessary 18 

before taking additional steps toward implementing fully cost-based rates – such as 19 

four-part rate designs – for distributed generation customers.    20 

 
8 KRS 278.466(5). 
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Q. What pricing structures have been utilized in other jurisdictions to reflect the 1 

cost of serving distributed generation customers? 2 

A. There has been a movement toward implementing three- or four-part rates for 3 

distributed generation customers, consisting of a customer charge, energy charge and 4 

one or two demand charges.   For example, in its Order in Docket No. 15-WSSE-115-5 

RTS, the Kansas Corporation Commission approved a residential rate schedule9 for 6 

Westar Energy Company (now called “Evergy Kansas Central, Inc.”10) (hereinafter 7 

referred to as “Evergy”) that required any residential customer adding behind-the-8 

meter electric generation after October 28, 2015,11 to take service under a three-part 9 

rate schedule consisting of a customer charge, energy charge and a seasonally 10 

differentiated demand charge. Evergy serves approximately 1.6 million customers in 11 

Kansas and Missouri. Evergy’s Residential Standard Distributed Generation Rate (see 12 

Exhibit WSS-6) currently consists of the following rate components: 13 

  Basic Service Fee   $14.50 per month 14 

  Energy Charge   4.5840 ¢ per kWh 15 

  Demand Charge 16 

   Winter Period   $3.00 per kW 17 

   Summer Period   $9.00 per kW 18 

 
9 Approval of the tariff was affirmed in Docket No. 18-WSEE-328-RTS after being considered in Docket No. 

16-GIME-4030-GIE, which was an administrative case styled “In the Matter of the General Investigation to 

Examine Issues Surrounding Rate Design for Distributed Generation Customers.” 
10 In 2018, Westar Energy received regulatory approval to be merged with Great Plains Energy to form Evergy, 

Inc.   Evergy serves approximately 1.6 million customers in Kansas and Missouri. 
11 The date applicable to new distributed generation was subsequently moved to October 1, 2018, in the Kansas 

Corporation Commission’s Order in Docket No. 18-WSEE-328-RTS. 
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 1 

 The demand charge in the rate helps prevent a customer with behind-the-meter 2 

generation from shifting fixed, and therefore unavoidable, demand-related capacity 3 

costs onto other residential customers.   In its Order in Docket No. 16-GIME-403-4 

GIE, the Kansas Corporation Commission stated: 5 

[T]he Commission finds the current two-part residential rate design 6 

[consisting of only a customer charge and energy charges] is 7 

problematic for utilities and residential private DG [distributed 8 

generation] customers because DG customers use the electric grid 9 

as a backup system resulting in their consuming less energy than 10 

non-DG customers, which results in DG customers not paying the 11 

same proportion of fixed costs as non-DG customers.  The 12 

Commission finds DG customers are thus being subsidized by non-13 

DG customers.12 14 

 15 

 For ease of reference, Kansas Corporation Commission’s Order in Docket No. 16-16 

GIME-403-GIE is attached hereto as Exhibit WSS-7.  Challenges with serving 17 

distributed generation customers are generally recognized in the industry and utilities 18 

are beginning to develop rate designs such as Evergy’s three-part rates or four-part 19 

rates to address the issue.  Other utilities and regulatory commissions have also 20 

recognized the problem with the continued use of two-part rates consisting of only a 21 

customer charge and energy charge for serving distributed distribution customers.  The 22 

New Mexico Public Regulation Staff has filed testimony in a number of proceedings 23 

pointing out problems with serving distributed generation customers under two-part 24 

 
12  Final Order, Docket No. 16-GIME-403-GIE dated September 21, 2017, at p.  
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rates.13 1 

Q. KRS 278.466 addresses the recovery of fixed- and demand-based costs.   Why is 2 

it important for utilities to have rates that provide for the recovery of these types 3 

of costs to serve customer-generators?  4 

A. Serving distributed generation customers under two-part rate schedules such as 5 

Residential Service RS, General Service GS, and All Electric School Service AES 6 

creates a pricing environment in which customers who do not have their own electric 7 

generation facilities are forced to subsidize customers who operate their own behind-8 

the-meter generating facilities.  As will be explained, a two-part rate schedule 9 

consisting of a customer charge and an energy charge allows a customer-generator 10 

with solar panels, for example, to fall back on the utility when sunlight is not available 11 

and avoid paying the full cost of service.  Therefore, serving distributed generation 12 

customers under a two-part rate consisting of only a customer charge and energy 13 

charge forces non-distributed generation customers to subsidize distributed generation 14 

customers.   Because it accurately reflects cost of service, a four-part rate would ensure 15 

that distributed generation customers are not over-charged or under-charged for the 16 

service they receive.    A four-part rate design would thus prevent customers who do 17 

not have electric generation facilities from subsidizing distributed generation 18 

customers. 19 

Q. Do KU and LG&E have any four-part rate schedules?  20 

 
13  For example, testimony was filed by Southwest Public Service Company and the New Mexico Public 

Regulation Staff in Case No. 17-00255-UT on the issue. 



 

 

 

- 51 - 

A. Yes.  The Companies have used four-part rates for decades for its large customers.  1 

Rates TODS, TODP, RTS, and FLS are four-part rates.   Four-part rates are mandatory 2 

for all customers with loads greater than 250 kVA.  The Companies require customers 3 

with demands between 50 kVA and 250 kVA to take service under Rate PS, which is 4 

a three-part rate consisting of a customer charge, energy charge and maximum demand 5 

charge.14   A wide variety of customers take service under these rate schedules.   Load 6 

factors of customers taking service under these rates range from less than 5% to almost 7 

100%.    To put this in perspective, a residential customer will typically have a load 8 

factor based on their maximum demand of between 15% to 30%.   Therefore, there 9 

are customers taking service under these rates with load factors less than a typical 10 

residential customer.  11 

Q. Why have residential and small commercial and industrial (C&I) customers 12 

traditionally not been served under rate schedules with demand charges?  13 

A. The concept of demand rates was conceived in the 1890s by the British electrical 14 

engineer John Hopkinson.15  It was not long afterwards that electric utilities began 15 

billing some their customers under demand-energy rates, which were often referred to 16 

as “Hopkinson Rates”.  Based on my research, the principal reason that residential and 17 

small C&I customers were not originally served under three- and four-part rates was 18 

 
14 The only exception to this is that all-electric schools taking service prior the KU system on or before July 1, 

2011, were allowed to continue to be served under a two-part rate schedule.   Except for this grandfathering 

provision, customers with demand greater than 50 kVA must be served under demand-based rates. 
15 See “Presidential Address to the Junior Engineering Society, 4th Nov., 1892, On the Cost of Electric Supply”, 

Original Papers by the Late John Hopkinson, Vol 1 (1901), pp. 254-268. 
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the high cost of metering equipment required to measure a customer’s maximum or 1 

peak period demands.  Until recently, to implement a three-part rate required a 2 

relatively expensive demand meter (e.g., a reset demand meter), and to implement a 3 

four-part rate required the installation of special chart meters or paper tape meters, 4 

which were even more expensive than reset demand meters.   (See photos in Exhibit 5 

WSS-8.)   These types of meters were generally available during the very early years 6 

of the electric utility industry, but they were prohibitively expensive.   Consequently, 7 

they were only used for the largest customers served by electric utilities.   As early as 8 

1915, some rate engineers were promoting demand and energy rates for all customers.  9 

For example, the electrical engineer Paul M. Lincoln had developed a relatively 10 

inexpensive thermal meter which he promoted for use in measuring customer’s 11 

maximum demand.16  Lincoln argued that his meter could eventually be used to 12 

implement demand rates for all types of customers, including residential customers. 13 

While the meter was relatively inexpensive, it proved not to be sufficiently accurate 14 

 
16 The meter was called the “Lincoln Demand Meter”.  See also, Paul M. Lincoln, “Rates and Rate Making”, 

Transactions of the American Institute of Electrical Engineers, July to December 1915, at pp. 2279-2318.  It is 

of historical interest that in responding to Lincoln’s paper, the utility executive Louis R. Lee clearly described 

the basis for a four-part rate: 

 

[T]he idea of the demand charge is to cover fixed charges necessary to handle the demand both 

at power station in the distribution system and in service transformers.  In the power station 

the portion of fixed cost which any individual customer should be charged with, would be 

based up his average demand during the peak load on the power plant. For the distribution 

system and service transformers, however, the amount which would be chargeable to the 

individual customer would depend upon his maximum demand regardless of the time of its 

occurrence.  (Id., at p. 2354.)  
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for use in billing customers.17  During the early history of the electric utility industry, 1 

the principal residential use of electric energy was for lighting.  Electric appliances 2 

such as clothes irons, fans and refrigerators did not become prevalent until much later.   3 

Because customer loads for lighting were considered homogenous, demand metering 4 

was not considered necessary during the early years of the industry.18  But as 5 

residential customers began to use a multitude of appliances, residential customer 6 

loads became more diverse and less homogeneous. Until the emergence of Advanced 7 

Metering Systems (AMS) and Advanced Metering Infrastructure (AMI), the 8 

implementation of demand rates on a wide scale for residential and small C&I 9 

customers was not considered practical.   Over the past decade, a small but growing 10 

number of utilities have implemented demand rates for all their residential customers, 11 

not just new distributed generation customers as in Kansas. 12 

Q. Do customers with distributed generation facilities generally have different load 13 

characteristics than customers who do not own generation facilities? 14 

A. Yes.  Customers with distributed generation facilities typically have significantly 15 

different load characteristics and load shapes than customers that do not have 16 

distributed generation facilities.  For example, customer-generators will have lower 17 

load factors than non-distributed generation customers.  The following graph (GRAPH 18 

 
17 The meter design was eventually purchased by Sangamo Electric Company and was used in non-billing 

industrial applications until the 1960s. 
18 Id. at pp. 2319-2360. 
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3) compares the loads for a small sample of the Companies’ residential customers19 1 

with solar panels to the loads for the residential rate class on a summer peak day: 2 

 3 

GRAPH 3 4 

 5 

 6 

 As can be seen from this graph, loads for the distributed generation customers are 7 

depressed during the hours of the day when there is sufficient sunlight to operate the 8 

solar panels, but the graph shows a spike in the customer-generators’ loads in the 9 

 
19 The sample includes customer loads for which the Companies have MV90 telemetering data.  There were 20 

residential net metering customers served by KU and 15 net metering customers served by LG&E.  The 

analysis of the data is intended to be illustrative.   The Companies plan to collect more load data for net 

metering customers before evaluating four-part rates for distributed generation customers. 
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evening when the sunlight is no longer available for solar generation.20   However, KU 1 

and LG&E must stand ready to deliver power to distributed generation customers 2 

when the load spikes in the evening.    Thus, distributed generation facilities do not 3 

result in appreciable savings in generation, transmission, or distribution fixed costs.   4 

With a two-part rate, in which generation, transmission and distribution demand costs 5 

are recovered through a volumetric-based energy charge, the customer-generators 6 

realize reductions in their electric bills that are disproportionate to the savings created 7 

by the customer’s solar generation.  This results in other customers subsidizing 8 

distributed generation customers. 9 

  The following graph (GRAPH 4) compares the loads for the Companies’ 10 

residential customers with solar panels to the loads for the residential rate class on a 11 

winter peak day: 12 

 13 

 14 

 15 

 16 

 17 

 18 

 
20 California utilities rely heavily on utility- and customer-owned solar power to meet peak demands. In mid-

August, a heat wave in California resulted in rolling blackouts on two consecutive days.  The problem came in 

the evening when solar generation dropped off.  The rolling outages affected several hundred thousand customers 

starting around 6:30 PM on August 14 and 15, 2020.  Once solar power provided to the grid fell below 6 percent 

of the load, grid operators were required to institute rolling blackouts.  A spokesperson for the California 

Independent System Operator said, “The peak demand was steady in late hours, and we had thousands of 

megawatts of solar reducing their output as the sun set.”  Forbes, August 15, 2020.   
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GRAPH 4 1 

 2 

 3 

As can be seen from this graph, on the winter peak day, the loads for residential 4 

distributed generation customers do not have an appreciably different pattern than the 5 

loads for the Companies’ residential customers.  KU and LG&E’s combined system 6 

peak demand occurs during the hours from 6 AM to 10 AM during the morning and 7 

from 6 PM to 10 PM during the evening.   During these hours, the customer-8 

generators’ solar panels are not operating at significant levels.   Therefore, the 9 

Companies must have sufficient generation, transmission, and distribution capacity to 10 

serve customer-generators’ loads during those hours.   The distributed generation 11 

facilities do not appear to result in any fixed cost savings to the customers.   But with 12 
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a two-part rate in which fixed costs are recovered through a volumetric energy charge, 1 

the distributed generation customers are able to shift demand-related cost recovery to 2 

other customers without creating any fixed-cost savings. 3 

Q. Please describe the costs necessary to serve eligible customer-generators.  4 

A. Earlier in my testimony, I discussed that an electric utility incurs three types (or 5 

“classifications”) of costs to serve customers – namely, energy-related costs, demand-6 

related costs, and customer-related costs.   These same three types of costs are also 7 

incurred to serve customer-generators. 8 

As explained earlier in my testimony, energy-related costs are the strictly 9 

variable expenses, such as fuel costs, that an electric utility incurs to supply the amount 10 

of energy measured in kilowatt-hours (kWh) that a customer uses.    To the extent that 11 

a customer-generator produces energy from its own electric generation facilities, 12 

instead of purchasing the energy from the utility, the energy-related cost incurred by 13 

the utility to serve that customer is reduced or avoided.   14 

  Demand-related costs are costs related to the maximum load or kW demand 15 

placed on the utility system.  An electric utility must install sufficient generation, 16 

transmission and distribution capacity to meet the maximum demand placed on the 17 

facilities.  These costs are therefore demand related.  For example, an electric utility 18 

must have sufficient generation capacity to serve its maximum system peak demand.   19 

The maximum system peak demand represents the aggregated load of all of its 20 

customers, effectively taking into consideration that while individual customers may 21 

have different load patterns, when they are all added together the aggregated loads 22 
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result in a well-defined load shape for the system as a whole.   Based on their combined 1 

system loads in MW, KU and LG&E’s load pattern on a summer peak day is depicted 2 

below (GRAPH 5). 3 

 4 

GRAPH 5 5 

 6 

 7 

KU and LG&E must install sufficient generation and transmission capacity to meet 8 

the summer system peak demand that occurs between the hours of 1 PM to 5 PM 9 

during the summer months.   10 

  An integrated electric utility such as KU and LG&E must also have sufficient 11 
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distribution capacity to serve its customers’ loads.   Unlike generation facilities, 1 

distribution facilities must be sized to meet the localized loads of individual customers 2 

served on the distribution system.   For example, an electric utility must install 3 

sufficient secondary distribution capacity, transformer capacity, and service line 4 

capacity to serve a customer’s individual maximum demand whenever it occurs.   This 5 

is precisely the reason that distribution demand-related costs are allocated differently 6 

in the Companies’ class cost of service studies than production and transmission costs, 7 

as discussed later in my testimony. Therefore, to the extent that a customer-generator 8 

can reduce the maximum demand placed on the system, these demand-related 9 

distribution costs can be reduced. 10 

  Customer-related costs are costs incurred to serve customers regardless of the 11 

quantity of electric energy (kWh) purchased or the peak demand requirements (kW) 12 

of the customers.   As with any other customers, customer-related costs are incurred 13 

to serve customer-generators. 14 

 Q. How are energy-related costs impacted by customer generation?  15 

A. The electric energy produced by a customer-generator allows an electric utility to 16 

avoid its energy-related costs.   If a customer generates energy with any type of 17 

distributed generation technology, then the utility is not required to generate that 18 

energy to serve the customer.    The utility’s energy-related costs are thereby reduced.  19 

Thus, the customer-generator that reduces its energy should not pay for the energy-20 

related costs.   Furthermore, a customer-generator that generates more energy than the 21 

total amount of the customer-generator’s own energy requirements, thereby resulting 22 
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in net generation, allows the utility to further avoid its energy-related costs.  The 1 

customer-generator should therefore be compensated for such net generation at a rate 2 

that reflects the utility’s avoided energy costs.   In other words, the customer-generator 3 

that generates net energy should receive a billing credit that reflects KU and LG&E’s 4 

avoided energy costs as set forth in Rider SQF. 5 

Q. How are demand-related costs impacted by customer generation?  6 

A. If a customer-generator can consistently generate power at the time of the utility’s 7 

system peak demand, then the utility will not incur demand-related generation costs 8 

to serve the customer.  Specifically, if a customer-generator can generate power during 9 

KU and LG&E’s peak period, as shown in GRAPH 5 above, the Companies do not 10 

need to have generation capacity to serve the customer-generator.   Consequently, the 11 

customer-generator should only be assessed a generation demand charge during the 12 

Companies’ peak periods.   Likewise, if a customer-generator can reduce the 13 

maximum demand that is placed on the distribution system, the Companies are not 14 

required to install the distribution facilities for the reduced load.   Therefore, if a 15 

customer-generator can reduce its maximum demand through self-generation, then the 16 

customer-generator should pay a lower distribution demand cost. 17 

Q. Is it possible for customer-generators to reduce demand-related costs?  18 

A. Yes, but the extent to which demand cost reductions can be realized depends on the 19 

distributed generation technology used by the customer.  Not all distributed 20 

generation technologies create the same demand cost savings.  For example, assume 21 

a customer-generator installs a combination of solar panels and battery storage.   The 22 
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combination of solar panels and battery storage can be managed to ensure that both 1 

peak-period demands and customer-maximum demands are reduced.   This is not 2 

likely to be the case for a customer-generator who installs only solar panels.   With 3 

solar panels, power is generated only when there is sufficient sunlight to produce 4 

power.   If the solar panels are not producing power during the peak period, then no 5 

generation demand cost savings can be realized.  These two examples underscore the 6 

difference in demand savings created by various distributed generation configurations 7 

and underscore the importance of including a demand charge in the pricing structure 8 

for distributed generation.   With a pricing structure in which demand costs are 9 

recovered as an energy charge (per kWh charge), rather than as a demand charge (per 10 

kW charge), a technology configuration that includes only solar panels would receive 11 

the same pricing benefits as a technology configuration that includes both solar panels 12 

and battery storage, even though a combination of solar panels and battery storage can 13 

be managed to provide significantly higher demand cost savings. Recovering demand-14 

related costs though a per-kWh charge overcompensates a customer-generator that 15 

installs solar panels but without battery storage. 16 

Q. Can you provide a numerical example of how a customer-generator with solar 17 

panels, but no battery backup, is more costly to serve than a customer-generator 18 

with solar panels and managed battery storage?  19 

A. Yes.  Consider the example of a residential customer served by either KU or LG&E 20 

with a maximum demand of 10 kW during the summer and 20 kW during the winter.   21 

Suppose that during the summer, the customer has 7 kW of air-conditioning load and 22 
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3 kW of lighting, refrigeration, water heating, and other load, and that during the 1 

winter the customer has 17 kW of electric heating load and 3 kW of lighting, 2 

refrigeration, water hearing and other load.    Assume further that the customer has 20 3 

kW of solar panel capacity.   During the summer months, it is likely that the solar 4 

panels are fully or partially operational during the KU and LG&E peak hours from 5 

1:00 to 5:00 PM.    Therefore, solar panels may result in a partial reduction in 6 

generation demand costs.  However, during the evening hours, when the customer’s 7 

solar panels are not generating power, the customer will still be operating air 8 

conditioning equipment and will be fully utilizing KU or LG&E’s distribution system.   9 

Consequently, the customer’s solar generation does not result in a reduction of the 10 

distribution capacity required to serve the customer.   For this reason, the customer-11 

generator should be assessed a charge that reflects the demand that the customer 12 

imposes on the distribution system. 13 

  During the winter, KU and LG&E’s peaks typically occur during the hours of 14 

6 AM to 10 AM in the morning and 6 PM to 10 PM in the evening.   During those 15 

hours, it is less likely that the customer’s solar panels are generating power.   16 

Therefore, KU and LG&E must have the generation, transmission, and distribution 17 

capacity necessary to serve the customer-generator’s full load.   Since the customer-18 

generator cannot reduce demand during the peak period, the customer-generator 19 

should be assessed a charge that reflects the demand that the customer imposes on the 20 

generation, transmission, and distribution system. 21 

Q. But what about a customer-generator who has installed solar panels and 22 
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managed battery storage?  1 

A. Let us assume that the same customer has installed 40 kW of solar panels but has also 2 

installed lithium ion batteries with 20 kW maximum output and with the ability to 3 

store energy for several days.   Then the customer can store electric energy in the 4 

batteries while the solar panels are operating but draw power from the batteries when 5 

there is insufficient sunlight to generate power from the solar panels.   This customer 6 

can effectively reduce the demand imposed on the generation system during KU and 7 

LG&E’s system peak periods and also reduce the maximum demand that the customer 8 

places on the Companies’ distribution systems.    Therefore, unlike a customer with 9 

only solar panels, this customer can fully reduce the production demand costs required 10 

to serve the customer and partially reduce the distribution costs incurred to serve the 11 

customer.   Because the customer-generator with a combination of solar panels and 12 

managed battery storage can fully reduce demand during the peak period, along with 13 

reducing maximum demand during the month, the customer-generator should be 14 

assessed lower demand charges than a customer-generator with only solar panels.   But 15 

this would not be the case if the customer is served under a two-part rate.   With a two-16 

part rate design, consisting of only a customer charge and an energy charge, there is 17 

no economic benefit for installing battery storage.  With a two-part rate, the only 18 

benefit for adding battery storage is increased reliability. 19 

Q. How are customer-related costs impacted by customer generation?  20 

A. Customer-related costs are not impacted by customer generation.   Customer-related 21 

costs are the costs related to connecting the customer to the system and include the 22 
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cost of the meter, service line, the minimum distribution assets required to connect the 1 

customer to the grid, and meter reading and billing costs.  These costs do not vary with 2 

the customer’s energy usage or demand. 3 

Q. Will the Companies be investigating these issues in the future? 4 

A. Yes, that is their intention.   5 

      6 

P. ELECTRIC VEHICLE CHARGING STATION RATES 7 

Q. Do KU and LG&E currently offer public electric vehicle charging service? 8 

A. Yes.  KU and LG&E currently provide electric vehicle charging service to licensed 9 

electric vehicles from twenty Level 2 Charging Stations.   Service is provided from 10 

these Level 2 Charging Stations under Electric Vehicle Charging Service Rate EVC, 11 

which was originally approved by the Commission in Case No. 2015-00355 and 12 

substantially modified in the Companies’ last general rate case filings in Case Nos. 13 

2018-00294 and 2018-00295. 14 

Q. Are the Companies proposing any changes to the Level 2 charging service set 15 

forth in Rate EVC? 16 

A. No. 17 

Q. In the Companies’ last rate cases, adjustments to miscellaneous revenues were 18 

made to ensure that costs related to Level 2 charging under Rate EV were not 19 

shifted to other customers.  Are the Companies making such an adjustment for 20 

Level 2 charging service in these proceedings?  21 

A. Yes.   Level 2 Charging Service under Rate EV was approved as a pilot program in 22 
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Case No. 2015-00355.   In that proceeding, the Companies made a commitment that 1 

the Level 2 charging service would not result in increased charges to the Companies’ 2 

other customers.   For Level 2 charging service offered under Rate EV, the Companies 3 

will continue to honor that commitment.  To ensure that the cost of providing Level 2 4 

charging service isn’t shifted to other customers, the Companies have imputed 5 

revenues for Rate EV to bring the class rate of return for Rate EV in the Companies’ 6 

cost of service studies up to the overall rate of return on rate base proposed by the 7 

Companies in these proceedings.   Specifically, revenues of $48,431 are imputed for 8 

KU and revenues of $55,206 are imputed for LG&E. 9 

Q. Are KU and LG&E proposing a new electric vehicle charging rate schedule in 10 

these proceedings? 11 

A. Yes.  The Companies are proposing a new rate schedule to provide Level 3 Charging 12 

Service, which is generally referred to as “DC Fast Charging Service”.   The new rate 13 

schedule for DC Fast Charging Service is called “EVC-FAST Electric Vehicle Fast 14 

Charging Service.” 15 

Q. Please describe the differences between Level 1, Level 2 and Level 3 Charging. 16 

A. A Level 1 Charger is the most basic type of electric vehicle charger, which charges a 17 

vehicle from a standard 120V household outlet.  A Level 1 charger can only provide 18 

about 4 to 5 miles of driving per hour, which for some drivers can be sufficient if the 19 

vehicle is charged through the night and if the vehicles are driven relatively short 20 

distances.   21 

A Level 2 Charger charges a vehicle from a 240V outlet and will typically 22 
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provide between 12 and 60 miles of range per hour.  A 240V circuit is typically what 1 

is required for electric washing machines, dryers, and central air-conditioning units.  2 

As the mileage range of electric vehicles increases, it is anticipated that most 3 

residential customers with electric vehicles will install Level 2 Chargers.   The electric 4 

vehicle charging service currently provided by KU and LG&E under Rate EV utilizes 5 

Level 2 Charging Technology.   6 

A Level 3 Charger (or “DC Fast Charging Station”) is a primary voltage 7 

charger that uses a direct current (DC) circuit to charge a plug-in electric vehicle.   In 8 

comparison to the Companies’ Level 2 stations, which provide charging at a rate of 9 

7.2 kW, the DC Fast Charging Stations will be able to charge at a rate of 50 kW or 10 

greater (i.e., 50 kWh or greater per hour). A DC Fast Charging Station can provide 11 

300 miles of range or more in about an hour, although charging speeds vary.  12 

Beginning in the second half of 2022, KU and LG&E plan to install DC Fast Charging 13 

Stations to provide service under Rate EVC-FAST.  DC Fast Chargers are a key 14 

enabling technology for the adoption of electric vehicles. 15 

Q. Are any costs of DC Fast Charging Stations included in revenue requirements 16 

in these proceedings? 17 

A. No.   All costs incurred to install and operate any DC Fast Charging Stations would 18 

be incurred beyond the end of the forecasted test year used in these proceedings.  19 

Therefore, revenue requirements in these proceedings do not include any costs of DC 20 

Fast Charging Stations.   In these proceedings, the Companies are requesting approval 21 

for rates for service from DC Fast Charging Stations that the Companies plan to install 22 
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beginning in the second half of 2022.        1 

Q. Are there benefits to ratepayers from the adoption of electric vehicles? 2 

A. Yes.  The adoption of electric vehicles by residential and non-residential customers 3 

has an enormous potential to reduce the unit cost of providing electric service to 4 

electric utility customers.  What is particularly compelling about the adoption of 5 

electric vehicles from a utility customer’s perspective is that electric vehicle charging 6 

by customers typically takes place through the night, when electric utility loads are at 7 

their lowest levels.  A residential customer who owns an electric vehicle will typically 8 

drive the vehicle during daytime hours and charge the vehicle at night.  Since electric 9 

vehicles are typically connected to home charging stations during off-peak hours, 10 

increased numbers of electric vehicles will result in additional revenue but typically 11 

without creating the need to install new generation, transmission or even distribution 12 

capacity to serve the load.  Consequently, increased electric vehicle ownership helps 13 

spread fixed generation and transmission costs over a larger number of sales, thus 14 

placing a downward pressure on the Companies’ rates.   Increasing electric vehicle 15 

charging sales provides benefits comparable to adding new industrial and commercial 16 

load from economic development efforts.   Just as adding new large commercial and 17 

industrial loads allows KU and LG&E to spread fixed costs over a larger number of 18 

sales, additional electric vehicle charging will allow KU and LG&E to spread their 19 

fixed costs over a larger sales base.    20 

Q. How does the adoption of electric vehicles in Kentucky compare to other states? 21 

A. Kentucky ranks as a state with one of lowest numbers of electric vehicles in the 22 
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country.   According to data published by the United States Department of Energy, on 1 

a per capita basis, Kentucky had the sixth lowest number of electric vehicles registered 2 

in the state, ahead of only West Virginia, Mississippi, Arkansas, North Dakota, and 3 

Louisiana. In 2018, there were 1,240 electric vehicles registered in Kentucky, which 4 

corresponds to 27.75 electric vehicles registered for every 100,000 residents in 5 

Kentucky,21 though this number appears to be growing.22  Undoubtedly, there is a 6 

regional element to the adoption of electric vehicles, with the highest levels of 7 

adoption in California, Hawaii, Washington, and Oregon.   However, there are also 8 

high levels of adoption in Georgia, Florida, Virginia, Texas, and North Carolina.   For 9 

example, in 2018, there were 5 times more electric vehicles per 100,000 residents 10 

registered in Georgia than in Kentucky, and there were 4 times more electric vehicles 11 

per 100,000 residents registered in Florida than in Kentucky.  Although the number of 12 

electric vehicles in Indiana cannot be considered high, there were almost twice the 13 

number of electric vehicles per 100,000 residents in Indiana as in Kentucky. 14 

Q. What are the major impediments to the adoption of electric vehicles? 15 

A. As I mentioned earlier, a plug-in electric vehicle is significantly less costly to operate 16 

than a conventional passenger vehicle.  Therefore, it is useful to consider what the 17 

impediments are to the widespread adoption of electric vehicles.   Based on my 18 

research, there are four major impediments to the adoption of plug-in electric vehicles, 19 

 
21 See Exhibit WSS-9.   
22 According to the Electric Power Research Institute (EPRI), the number of electric vehicles registered in 

Kentucky grew to 4,133 in June 2020.   
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three of which are being quickly addressed in the automotive industry.   1 

The first impediment is the higher cost of a plug-in electric vehicle in 2 

comparison to a traditional vehicle powered by an internal combustion engine.   3 

However, over the past few years there has been a dramatic decrease in the cost 4 

difference between plug-in electric vehicles and conventional passenger vehicles.  5 

This reduction seems to have been in large part due to the engineering, manufacturing 6 

and marketing by Tesla, Inc. and other manufacturers.   Based on the trends over the 7 

past several years, we can expect the price difference between plug-in electric vehicles 8 

and conventional vehicles to continue to decline as the economies of scale increase 9 

for electric vehicles. 10 

The second impediment to the adoption of plug-in electric vehicles is the 11 

mileage range of the batteries.  Again, this is an area in which the automotive industry 12 

is making dramatic improvements.   For example, Tesla currently sells seven vehicles 13 

with a range of over 300 miles on a fully charged battery.  Tesla’s Model S Long 14 

Range Plus has a listed range of 391 miles.  General Motors and Hyundai currently 15 

offer passenger vehicles with ranges that are over 250 miles.  However, General 16 

Motors announced that it has developed a new electric vehicle battery with a range of 17 

up to 400 miles.   A few years ago, it was difficult to find a plug-in electric vehicle 18 

with a range greater than 100 miles.   It is reasonable to expect that the battery range 19 

will continue to improve. 20 

The third impediment is the life of the battery. This is yet another area in which 21 

the automotive industry is making major improvements.   The batteries in all electric 22 
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vehicles sold in the United States are covered under warranties for at least 8 years or 1 

100,000 miles.  However, it is expected that electric vehicle batteries will last longer 2 

than 100,000 miles.  For example, Tesla recently announced that a 1,000,000 mile 3 

battery is ready for production.   Long-lived batteries along with charging ranges 4 

greater than 500 miles will likely be game changers for the adoption of plug-in electric 5 

vehicles. 6 

The fourth impediment to the adoption of plug-in electric vehicles is the 7 

availability of fast charging stations.   While technological advances in the automobile 8 

industry are addressing the first three impediments, from a public policy perspective, 9 

the availability of fast charging stations may represent the most formidable challenge 10 

to the adoption of plug-in electric vehicles.  Even with battery ranges greater than 500 11 

miles, there will be a public need for the availability of fast charging stations in order 12 

to facilitate the adoption of plug-in electric vehicles.   Without the availability of fast 13 

charging stations, it is unlikely that passenger vehicle owners will be willing to 14 

purchase a plug-in vehicle without the prospects for charging their vehicles on long 15 

distance trips.   Without more fast charging stations, electric vehicles will likely be 16 

limited in their use to commuter vehicles and will thus be demoted to use as a 17 

secondary passenger vehicle, forcing people to own a vehicle with an internal-18 

combustion engine to serve as their primary passenger vehicle.   Thus, fast charging 19 

stations are a key enabling technology that will allow people to purchase electric 20 

passenger vehicles.    21 

Q. From a public policy perspective, why is it important for utilities to provide fast 22 
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charging service? 1 

A. As mentioned earlier, there are enormous benefits to customers adopting electric 2 

vehicle technology.   Electric vehicles are not only less costly to operate, the revenues 3 

generated by charging electric vehicles have the effect of lowering rates to other 4 

customers, by spreading utility fixed costs over a larger sales volume.   Therefore, it 5 

is in ratepayers’ interests for more people to use electric vehicles, providing ratepayer 6 

and public benefits that go well beyond the lower operating cost of electric vehicles.   7 

The need for electric utilities to install electric vehicle charging infrastructure is 8 

addressed in the report Electric Vehicles: Key Trends, Issues, and Considerations for 9 

State Regulators prepared by NARUC and sponsored by the United States Department 10 

of Energy (DOE), which explains: 11 

 12 

Many utilities around the country have begun to explore owning and 13 

operating EV charging stations to accelerate the growth of EVs and 14 

the corresponding growth in electric sales.   Proponents of utility 15 

ownership present several arguments in favor:  Most experts agree 16 

that current EV charging infrastructure will need to grow 17 

dramatically to cover the expected growth of EVs.   This large 18 

“infrastructure gap” demands all hands on deck, including 19 

participation of utilities.   Furthermore, widespread charging 20 

infrastructure is a prerequisite for many consumers to consider 21 

purchasing an EV, but it is difficult for EVs to be profitable without 22 

high usage from many EVs on the road. (Id., at p. 20. Emphasis 23 

supplied.) 24 

  25 

According to this assessment, electric utilities will have to serve as providers of fast 26 

charging service until the number of electric vehicles on the roads make it feasible for 27 

private industry such as filling stations along interstates and highways like Pilot, 28 
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Flying J, Loves, TA, RaceTrac, Murphy USA, and others to begin installing DC Fast 1 

Charging ports in larger numbers.  2 

Q. Nationally, is there a correlation between the number of DC Fast Charging Ports 3 

and the number of plug-in electric vehicles owned? 4 

A. Yes.  There is a 98.7% correlation between the number of DC Fast Charging Ports and 5 

electric vehicles in a state.   As can be seen from the graph shown in Exhibit WSS-10, 6 

the relationship is essentially linear.   While it is impossible to prove causality from 7 

this analysis, the relationship does strongly suggest that DC Fast Charging Stations 8 

are an essential enabling technology for the adoption of plug-in electric vehicles. 9 

Q. Do other utilities in our region offer DC Fast Charging Service? 10 

A. Yes.  Georgia Power currently owns and operates 39 DC Fast Charging stations.  In 11 

June 2020, the Governor of Florida, Ron DeSantis, signed a directive for the Florida 12 

Public Service Commission to encourage utilities to develop electric charging stations 13 

along state highways.   In July, Florida announced that 34 DC Fast Charging stations 14 

would be added along Interstate 95, Interstate 4, Interstate 75, Interstate 275, and 15 

Interstate 295.   16 

Q. Please describe the proposed pricing structure for DC Fast Charging Service. 17 

A. KU and LG&E are proposing to charge $0.25 per kWh for charging service under Rate 18 

EVC-FAST. 19 

Q. How does this rate compare to the average rate for Level 2 charging service that 20 

the Companies currently charge under Rate EVC? 21 

A. The Level 2 charging service rate under Rate EVC has a different pricing structure 22 
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than what the Company is proposing for DC Fast Charging Service.  Under Rate EVC, 1 

which was approved in the Companies’ last rate cases, KU and LG&E charge a fee of 2 

$0.75 for the first hour of charging service and $1.00 for all additional hours during 3 

the charging session, plus appropriate taxes and fees. On average this is equivalent to 4 

$0.20 per kWh after taxes and fees.   A recent study has found that the majority of 5 

respondents who have an electric vehicle or are considering purchasing one are willing 6 

to pay 25% more for fast charging in relation to Level 2 charging service provided 7 

under Rate EVC.23   Therefore, in the industry, the charge for DC Fast Charging 8 

Service (Level 3 service) is typically higher than the charge for Level 2 charging 9 

service.   10 

Q. How does the charge for service under the Companies’ proposed Rate EVC-11 

FAST compare to the DC Fast Charging Service offered by other utilities? 12 

A. Although I have not performed an exhaustive review of all DC Fast Charging rates 13 

charged by utilities, several electric utilities providing service in Eastern United States 14 

(i.e., east of the Mississippi River) offer DC Fast Charging Service.   The following 15 

table (TABLE 4) summarizes the charges per kWh for the utilities that I am aware of 16 

in Eastern United States that provide DC Fast Charging Service: 17 

 18 

 19 

 
23 

See   https://www.esource.com/429201ebtf/ev-charging-and-pricing-what-are-consumers-willing-pay, dated 

September 20, 2020. 
 

https://www.esource.com/429201ebtf/ev-charging-and-pricing-what-are-consumers-willing-pay
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 1 

TABLE 4 2 

 3 

As seen in this table, KU and LG&E’s proposed charge for DC Fast Charging Service 4 

is in line with what is being charged by these other utilities. 5 

Q. Based on your review of the filings submitted to state regulatory commissions by 6 

these utilities, were these DC Fast Charging rates supported by a cost analysis?  7 

A. No.   In developing the rates, the rate filings reflected market considerations rather 8 

than costs.   Due to the uncertainty regarding future usage of DC Fast Charging Service 9 

any such cost analysis would be speculative.    As more data is collected over time, a 10 

better picture of the actual unit cost of providing this service will emerge.   But 11 

regardless, as discussed earlier, because of the benefits that the availability of fast 12 

charging stations provide as an enabling technology, it is important that more fast 13 

charging stations are available for public use.   It is important to recognize that KU 14 

and LG&E are not trying to compete with third-party providers of DC Fast Charging 15 

Utility DC Fast Charging Rate

Baltimore Gas and Electric Company (BG&E) $0.255 to $0.34 per kWh *

Duke Energy Carolinas $0.236 per kWh **

Florida Power & Light (FPL) $0.30 per kWh

Georgia Power Company $0.30 per kWh ***

Potomac Electric Power Company (PEPCO) $0.255 to $0.34 per kWh

* Customers with 5 or more vehicles operating in the utility's service territory are 

eligible for a 25% discount.

** Rate is adjusted quarterly to reflect the average price charged in the service 

territory.
*** Georgia Power charges $0.25 per hour, which is equivalent to approximately 

$0.30 per kWH for charging at its DC Fast Charging Stations.
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service, and the Companies are not trying to undercut other providers by providing a 1 

below market price for fast charging service.  More fast charging stations are needed 2 

to enable people to purchase electric vehicles.   A thriving market for fast charging 3 

service will enable more customers to drive electric vehicles and thereby benefit KU 4 

and LG&E’s existing customers by putting downward pressure on electric rates.    5 

Q. You mentioned earlier that adjustments to miscellaneous revenues are being 6 

made to ensure that costs related to Level 2 charging under Rate EVC are not 7 

shifted to other customers.  Are similar adjustments being made for DC Fast 8 

Charging Service?  9 

A. No, nor are such adjustments necessary in these proceedings.  As mentioned earlier, 10 

there are no costs related to the DC Fast Charging in test-year revenue requirements.   11 

Because test year revenue requirements do not include costs related to the DC Fast 12 

Charging Service, such an adjustment is neither necessary nor possible.   The revenue 13 

requirement treatment of future investments in DC Fast Charging Stations will be 14 

addressed in subsequent rate proceedings.   In these proceedings, the Companies are 15 

requesting approval of rates for DC Fast Charging Service that will be available to the 16 

public beginning during the second half of 2022.   Consequently, none of the costs for 17 

this service is included in test year revenue requirements in these proceeding.  18 

Q. Are the Companies proposing any changes to Electric Vehicle Supply Equipment 19 

Rate EVSE and EVSE-R?  20 

A. Yes.  Under Electric Vehicle Supply Equipment – Rider (Rider EVSE-R), the 21 

Companies provide charging stations behind the customers’ meters which can be used 22 
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by the customers to charge electric vehicles.  Under Rider EVSE-R, the customer is 1 

responsible for providing the electric energy for the charging station and the 2 

Companies bill the customers a monthly fixed charge for the use of the charging 3 

station. Pursuant to Rate EVSE, the Companies provide an unmetered charging station 4 

which can be used by customers to charge electric vehicles.  Under this rate schedule, 5 

the Companies provide the energy for the charging station, the cost of which is 6 

bundled into the monthly fixed charge.   The Companies are proposing to add an 7 

additional charging unit option to the EVSE and EVSE-R tariff.  The new charging 8 

unit is a basic non-networked charger that is preferred by some customers.  The 9 

addition of this unit is not meant to compete with or replace the existing charging unit, 10 

but to supplement the options available to KU and LG&E’s customers. Cost Support 11 

for the new EVSE and EVSE-R rates are shown in Exhibit WSS-11. 12 

 13 

Q. REDUNDANT CAPACITY (RIDER RC) 14 

Q. Please describe the Companies’ Redundant Capacity rider. 15 

A. The Redundant Capacity rider allows customers that have one or more redundant 16 

distribution feeds to reserve back-up capacity on the distribution system.  This rider 17 

would typically be used by customers, such as hospitals, who want greater assurance that 18 

their service will not be interrupted because of an outage on a distribution line.  These 19 

customers would want a redundant feed along with automatic relay equipment capable 20 

of switching from a principal circuit to a backup circuit if electric service from the 21 
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primary feed is lost.  With the greater use of technology, some customers are finding it 1 

increasingly difficult to tolerate electrical outages for even short periods of time.   2 

Q. How is a customer charged for redundant capacity?   3 

A. A customer who wants a second feed must pay the cost of the customer-specific facilities 4 

required to provide the feed, including the second distribution line, automatic relay 5 

equipment, or other customer-specific facilities that may be required.  Customers can pay 6 

for the customer-specific facilities by either making a contribution-in-aid-of-construction 7 

or by taking service under the Excess Facilities rider.  To provide a customer full backup 8 

capacity on a second feed, the Companies must incur additional costs to ensure sufficient 9 

network distribution capacity for full backup if a relay occurs on the automatic 10 

switchgear.  To ensure that there is sufficient capacity on the redundant feed to serve the 11 

load if the primary feed goes down, the utility must plan the distribution facility as if 12 

there were two customers placing demands on the system.  For this reason, the 13 

Companies assess a demand charge to cover the distribution demand-related cost of 14 

providing backup service for customers with redundant feeds.  The demand charge is 15 

applied to the customer’s monthly billing demand determined under the standard rate 16 

schedule under which the customer receives electric service.  Rider RC includes a charge 17 

for customers taking service at primary voltages and a charge for customers taking 18 

service at secondary voltages. 19 

Q. What changes are the Companies proposing to the Redundant Capacity charges? 20 

A. KU is proposing to decrease the demand charge for primary voltage customers from 21 

$0.99 to $0.92 per kW per month and to increase the charge from $1.16 to $1.36 per kW 22 
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per month for secondary voltage customers.  LG&E is proposing to decrease the demand 1 

charge for primary voltage customers from $1.41 to $1.31 per kW per month and to 2 

increase the charge from $1.84 to $1.93 per kW per month for secondary voltage 3 

customers.  The cost support for the proposed redundant capacity charges is included in 4 

Exhibit WSS-12. 5 

 6 

  IV. GAS RATE DESIGN AND THE ALLOCATION OF THE INCREASE 7 

A. ALLOCATION OF THE GAS REVENUE INCREASE 8 

Q. Please summarize your recommendations for allocating the gas revenue increase 9 

to the classes of service? 10 

A. LG&E is proposing an overall revenue increase of $29,988,054 for its gas line of 11 

business, which corresponds to an 8.34% increase.  LG&E is also proposing changes 12 

to other miscellaneous charges which result in changes to other operating revenue.  13 

Accounting for changes in other operating revenue results in increases in revenues 14 

from sales to ultimate customers of $29,979,285 (or 8.37%) for LG&E’s gas 15 

operations.  (See Schedule M 2.1-G in LG&E’s Filing Requirements.)   16 

I relied on the results of the gas cost-of-service study to develop my 17 

recommendations for allocating the gas revenue increase to the classes of service.  As 18 

seen in the table below (TABLE 5), the class rates of return for As-Available Gas 19 

Service (Rate AAGS) and Firm Transportation Service (Rate FT) are significantly 20 

lower than for the other rate classes. I am recommending the elimination of 25% of 21 
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the subsidies for Rates Residential Gas Service (RGS), AAGS, and FT.  Because of 1 

its high rate of return, I am not recommending an increase for Rate IGS.  Rate CGS is 2 

adjusted to collect the residual increase required to yield the overall increase. 3 

Specifically, as shown on Schedule M-2.1-G, I am recommending revenue increases 4 

of 9.37% for Rate RGS, 4.86% for Rate CGS, 26.09% for Rate AAGS, 39.75% for 5 

Rate FT, and no increase for Rate IGS.   6 

It should be noted, however, that the percentage increase for Rate FT is 7 

somewhat misleading.  The revenues for Rates RGS, CGS, IGS, and AAGS include 8 

recovery of the cost of the natural gas (the commodity), but Rate FT is a transportation-9 

only service.  Therefore, the recovery of the cost of the natural gas is not included in 10 

Rate FT revenues, which inflates the percentage increase for this class.  If a proxy 11 

price of $3.42 per Mcf is assumed as the cost that Rate FT customers pay for natural 12 

gas, which reflects LG&E’s average Gas Supply Cost Component during the test year, 13 

the effective increase that Rate FT customers would see in their total natural gas costs 14 

due to LG&E’s proposed rate increase would only be 5.56%, which is not significantly 15 

higher than the increase that LG&E is proposing for Rate CGS.  A comparison of the 16 

rate of return at current rates and the percentage revenue increase (decrease) proposed 17 

for each rate class is shown below in TABLE 5: 18 

 19 

 20 

 21 

 22 
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 1 

TABLE 5  2 

 3 

 The rates of return for each rate class are shown in Exhibit WSS-13, and the revenue 4 

increases necessary to eliminate 25% of the subsidies for Rates RGS, FT and AAGS 5 

are calculated in Exhibit WSS-14.  6 

Q. Is LG&E proposing to eliminate all subsidies? 7 

A. No.  As mentioned above, LG&E’s proposal is to eliminate 25% of the subsidies for 8 

Rates FT, AAGS, and RGS.  This approach moderates the large increase that would 9 

otherwise be required to bring the rates of return for Rates FT, AAGS, and RGS to the 10 

proposed overall rate of return. 11 

Q. Has Rate FT increased significantly since it was first introduced? 12 

A. No.  Rate FT has increased very little since it was first introduced in 1995.  Rate FT 13 

replaced a similar service called Rate T, which was introduced in 1988.  The 14 

distribution charge for Rate T was $0.43 per Mcf when it was first introduced in 15 

Customer   Rate of Return

Rate of Retun Increase in   On Rate Base

Rate Class On Rate Base Cost of Gas * After Increase

Residential Service Rate RGS 4.62% 9.37% 6.87%

Commercial Service Rate CGS 7.56% 4.86% 9.08%

Industrial Service Rate IGS 13.70% 0.00% 13.69%

As Available Gas Service Rate AAGS -3.24% 26.09% 0.98%

Firm Transportation Service Rate FT -1.75% 5.56% 2.10%

Total 5.10% 7.58% 7.23%

* The increase shown for Rate FT reflects a proxy price for the customer's natural gas of $3.42 per Mcf.
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1988.24  Rate T was replaced with Rate FT in 1995, but the distribution charge of $0.43 1 

per Mcf remained the same. 25 Rate FT was not increased until July 1, 2015, when the 2 

charge was raised from $0.43 per Mcf to $0.4302 per Mcf.26  Rate FT was increased 3 

again on July 1, 2017, from $0.4302 per Mcf to $0.4440 per Mcf.27  The distribution 4 

charge was restructured as a demand/commodity rate in Case No. 2018-00295; 5 

however, the modification in that proceeding was designed to be revenue neutral.  6 

Therefore, during a period of over 32 years, the distribution charge for Rate FT (or its 7 

predecessor, Rate T) has only increased a total of 3.26%. 8 

Q. What is creating the need for rate increases for Rates FT and AAGS? 9 

A. As discussed in detail in Mr. Bellar’s testimony, LG&E obtained approval from the 10 

Commission to modernize its gas transmission system.  This Transmission 11 

Modernization Program (“TMP”) and other modifications to LG&E’s gas 12 

transmission pipelines, such as the planned modification to the Western Kentucky A 13 

and B pipelines, represent a commitment on the part of LG&E to invest in the 14 

replacement of aging gas transmission infrastructure.  Prior to these transmission 15 

projects, LG&E had focused primarily on upgrading its distribution infrastructure.  16 

The investment that LG&E made to replace distribution infrastructure did not have a 17 

 
24 Rate T was implemented in 1988 pursuant to the Commission’s Order in Case No. 10064 (Ky. P.S.C. Jul. 1, 

1988). 
25 In 1995, Rate FT replaced Rate T, which also included a distribution charge of $0.43. See The Tariff Filing of 

Louisville Gas and Electric Company to Modify Firm Transportation Service Tariff, Case No. 95-037, Order 

(Ky. P.S.C. Jun. 27, 1995). 
26 Case No. 2014-00372, Order (Ky. P.S.C. Jun. 30, 2015).  
27 Case No. 2016-00371, Order (Ky. P.S.C. Jun. 29, 2017).  
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major impact on the cost of providing service to customers taking service under Rates 1 

FT and AAGS.  Customers served under Rates FT and AAGS are allocated relatively 2 

little of the cost of distribution infrastructure.  This is not the case with transmission 3 

infrastructure.  Because transmission costs make up a significantly larger portion of 4 

the total cost of service to Rate FT and Rate AAGS customers, TMP and other 5 

modifications to LG&E’s gas transmission system have increased the cost of service 6 

to these two rate classes. 7 

Q. Are there any rate classes not shown on the above table? 8 

A. Yes.  Rate VFD is not broken out in the cost-of-service study but is included with Rate 9 

RGS.  Distributed Generation Gas Service (Rate DGGS) is a rate class that serves a 10 

small number of customers.  It is a demand/commodity rate that is derived from unit 11 

costs from the cost-of-service study for Rate IGS.  Rate DGGS is not broken out in 12 

the cost-of-service study but is included in Rate IGS in the study, as is the Companies’ 13 

special contract with LG&E to provide gas sales service to the Mill Creek Generating 14 

Station.  Local Gas Delivery Service (Rate LGDS) is a rate for the transportation of 15 

locally produced natural gas through LG&E’s delivery system.  Rate LGDS has the 16 

same rate structure and unit charges as Rate FT. There are currently no customers 17 

served under Rate LGDS. 18 

Substitute Gas Sales Service (Rate SGSS) is a rate available to serve customers 19 

that desire substitute gas sales service from LG&E.  It is a demand/commodity rate 20 

that is derived from unit costs from the cost-of-service study based on either Rate CGS 21 

or Rate IGS, as applicable.  One commercial customer is served under Rate SGSS.  22 
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Therefore, Rate SGSS is not broken out separately in the cost-of-service study but is 1 

included in Rate CGS. 2 

Q. Have you prepared an exhibit showing the proposed gas revenue increase for 3 

each rate schedule? 4 

A. Yes.  The revenue increase for each rate class is shown on Schedule M-2.1-G of 5 

Section 16(8)(m) of the Filing Requirements.  The detailed billing calculations and 6 

proposed unit charges for each rate schedule are shown on Schedule M-2.3-G.  7 

 8 

B. ELIMINATION OF GAS LINE TRACKER PROGRAMS 9 

Q. Is LG&E proposing to eliminate certain Gas Line Tracker (GLT) projects? 10 

A. Yes.  LG&E is proposing to eliminate the Main Replacements portion of the Leak 11 

Mitigation Project, the Aldyl-A Mains and Services Replacement Project, and the 12 

Steel Customer Service Lines and Targeted Removal of County Loops and Steel 13 

Curbed Services Program (“Steel Services Program”), and Transmission 14 

Modernization Program (“TMP”). Except for the Steel Services Program, all work on 15 

the eliminated projects has been or will be completed before to the end of the test year.  16 

The Steel Service Program and the Transmission Modernization Program were only 17 

authorized for GLT recovery for a period of five years, which corresponds to the end 18 

of the test year. 19 

Q. Will the costs of these eliminated GLT projects be recovered through base rates 20 

instead of the GLT? 21 

A. Yes.  The impact of the elimination of these programs are also shown in Schedule M-22 
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2.3-G.  Specifically, on page 1 of this Schedule, the column labeled “GLT Mechanism 1 

Adjustment to Reflect GLT Project Elimination” reflects the amount of GLT 2 

Mechanism revenue transferred to base rates.  This adjustment does not alter total 3 

revenue, but simply represents the removal of GLT costs for the eliminated projects 4 

from the GLT mechanism into base rate recovery.   This adjustment is revenue neutral.   5 

The supporting details for each rate class are shown on pages 2 through 11 of Schedule 6 

M-2.3-G.   7 

   8 

C. RESIDENTIAL GAS SERVICE (RATE RGS) 9 

Q. Please provide a brief description of Rate RGS. 10 

A. Rate RGS is the standard gas rate schedule available to single-family residential 11 

service.  Approximately 301,000 residential customers are served under this rate 12 

schedule.  Rate RGS consists of a Basic Service Charge, Distribution Charge and Gas 13 

Supply Cost Component.   14 

Q. What are the charges that LG&E is proposing for Rate RGS? 15 

A. LG&E is proposing to increase the Basic Service Charge from $0.65 per day to $0.78 16 

per day.  The Company is also proposing to increase the Distribution Charge from 17 

$0.36782 per Ccf to $0.48398 per Ccf.   LG&E is proposing the same charges for 18 

Volunteer Fire Department Service (Rate VFD).  19 

Q. What is the basis for the proposed increase in the Basic Service Charge for Rate 20 

RGS? 21 

A. LG&E is proposing a Basic Service Charge that moves the Basic Service Charge 22 
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towards the customer-related costs from the cost-of-service study.  As will be 1 

explained in greater detail later in my testimony regarding the gas cost-of-service 2 

study, the methodology that is used to classify costs as customer-related corresponds 3 

to the methodology that has been accepted by the Commission in prior rate case orders.    4 

 Q. Have you prepared an exhibit showing the calculation of the unit cost 5 

components for Rate RGS? 6 

A. Yes.  Exhibit WSS-15 shows the calculation of the unit customer cost and distribution 7 

delivery cost.  From this exhibit, the customer cost is calculated to be $0.98 per 8 

customer per day, and the distribution delivery cost is $0.37070 per Ccf.  LG&E’s 9 

proposed Basic Service Charge of $0.78 is approximately 79.6% of the unit customer-10 

related cost from the cost-of-service study.    LG&E is proposing an increase in the 11 

Basic Service Charge of approximately 25%, which reflects a gradual movement of 12 

the charge towards cost of service. 13 

 14 

D. COMMERCIAL GAS SERVICE (RATE CGS) 15 

Q. Please provide a brief description of Rate CGS. 16 

A. Rate CGS is the standard gas rate schedule available to commercial customers for gas 17 

sales service.  Approximately 25,700 commercial customers are served under this rate 18 

schedule.  Rate CGS consists of a Basic Service Charge, Distribution Charge and Gas 19 

Supply Cost Component.  The Basic Service Charge is differentiated between 20 

customers who do not have a meter with a capacity equal to or greater than 5,000 cubic 21 
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feet per hour (cf/hr) and customers who do have at least one meter with a capacity 1 

equal to or greater than 5,000 cf/hr. 2 

Q. What are the charges that LG&E is proposing for Rate CGS? 3 

A. LG&E is proposing to increase the Basic Service Charge from $1.97 per day to $2.30 4 

per day for customers who do not have a meter with a capacity equal to or greater than 5 

5,000 cf/hr and to increase the charge from $9.37 per day to $11.00 per day for 6 

customers who do have at least one meter with a capacity equal to or greater than 7 

5,000 cf/hr.  LG&E is proposing to increase the Distribution Charge from $0.30670 8 

to $0.37688 per Ccf for on-peak usage and from $0.25670 to $0.32688 per Ccf for off-9 

peak usage. 10 

 11 

E. INDUSTRIAL GAS SERVICE (RATE IGS) 12 

Q. Please provide a brief description of Rate IGS. 13 

A. Rate IGS is the standard gas rate schedule available to industrial customers for gas 14 

sales service.   Approximately 200 industrial customers are served under this rate 15 

schedule.  Rate IGS consists of a Basic Service Charge, Distribution Charge and Gas 16 

Supply Cost Component.  The Basic Service Charge is differentiated on the same basis 17 

as Rate CGS. 18 

Q. What are the charges that LG&E is proposing for Rate IGS? 19 

A. LG&E is not proposing a revenue increase for Rate IGS.  However, Distribution Cost 20 

Components of Rate IGS are being adjusted to reflect the elimination of certain GLT 21 

projects and the transfer of cost recovery of the GLT project costs to base rates.  To 22 
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reflect the elimination of the GLT projects, LG&E is proposing to increase the 1 

Distribution Charge from $0.21929 to $0.27023 per Ccf for on-peak usage and from 2 

$0.16929 to $0.22023 per Ccf for off-peak usage.  Again, this change is revenue 3 

neutral because there will be a corresponding reduction in the GLT. 4 

 5 

F. AS AVAILABLE GAS SERVICE (RATE AAGS) 6 

Q. Please provide a brief description of Rate AAGS. 7 

A. Rate AAGS is the rate schedule available to commercial and industrial customers that 8 

agree to take gas sales service on a non-firm basis.    There are only three customers 9 

on this rate schedule.  Rate AAGS consists of a Basic Service Charge, Distribution 10 

Charge and Gas Supply Cost Component.    11 

Q. Is LG&E proposing changes to Rate AAGS? 12 

A. Yes.  LG&E is proposing to increase the Basic Service Charge from $500.00 per 13 

month to $630.00 per month and to increase the Distribution Charge from $1.0644 to 14 

$2.0168 per Mcf. 15 

 16 

G. FIRM TRANSPORTATION SERVICE (RATE FT) 17 

Q. Please provide a brief description of Rate FT. 18 

A. Rate FT is the standard gas rate schedule available to large commercial and industrial 19 

customers for firm gas transportation service.   It is generally available to customers 20 

who use at least 50 Mcf per day at each delivery point.  Rate FT currently includes an 21 

Administrative Charge of $550.00 per delivery point per month, a Basic Service 22 
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Charge of $750.00 per delivery point per month, a Distribution Charge of $0.0380 per 1 

Mcf, and a Demand Charge of $4.89 per Mcf of billing demand per month. The Basic 2 

Service Charge is applied to each customer receipt point.  The Demand Charge is 3 

applied to the customer’s monthly billing demand, which is the greater of the 4 

Maximum Daily Quantity (MDQ) or the highest daily volume of gas delivered to the 5 

delivery point during the current or preceding 11 monthly billing periods. The 6 

Distribution Charge is applied to the volumes of gas (Mcf) delivered to the customer 7 

at its facility. LG&E’s largest gas customers receive service under this rate schedule.   8 

Q. Is LG&E proposing changes to Rate FT? 9 

A. Yes.  LG&E is proposing to increase the Distribution Charge to $0.0456 per Mcf and 10 

the Demand Charge to $7.78 per Mcf of billing demand per month.  11 

  12 

H. SUBSTITUTE GAS SALES SERVICE (RATE SGSS) 13 

Q. Please describe Rate SGSS. 14 

A. Rate SGSS is a standard rate schedule that provides substitute gas sales service for any 15 

customer who desires to receive firm sales service from LG&E in addition to gas 16 

received from other sources with which the customer is physically connected. This 17 

rate therefore applies to customers who normally receive gas supply directly from an 18 

interstate pipeline, another local distribution company, or a local producer but desire 19 

to rely on LG&E as an alternative or substitute supplier of natural gas.   20 

Q. Please describe the proposed charges for Rate SGSS. 21 

A. For commercial customers served under Rate SGSS, LG&E is proposing a Basic 22 
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Service Charge of $335.00 per month, a Demand Charge of $7.54 per Mcf of Monthly 1 

Billing Demand, and a Distribution Charge of $0.4106 per Mcf.  The increase in the 2 

revenue for this class corresponds approximately to the increase for Rate CGS.  One 3 

commercial customer takes service under Rate SGSS.  4 

For industrial customers served under Rate SGSS, LG&E is proposing a Basic 5 

Service Charge of $750.00 per month, a Demand Charge of $10.89 per Mcf of 6 

Monthly Billing Demand, and a Distribution Charge of $0.3100 per Mcf.   Currently, 7 

no industrial customers take service under Rate SGSS.   8 

 9 

I. LOCAL GAS DELIVERY SERVICE (RATE LGDS) 10 

Q. Please describe Rate LGDS. 11 

A. Rate LGDS is a rate schedule that is available to parties who contract with LG&E to 12 

provide firm transportation service of locally produced gas.   Currently, there are no 13 

customers served under Rate LGDS. 14 

Q. Please describe the rate components for Rate LGDS and cost basis for the 15 

charges. 16 

A. Rate LGDS currently includes an Administrative Charge of $550.00 per month, Basic 17 

Service Charge of $750.00 per month, a Demand Charge of $4.89 per Mcf, and a 18 

Distribution Charge of $0.0380 per Mcf.  The Administrative Charge and Basic 19 

Service Charge are applied to each customer receipt point.  The Demand Charge is 20 

applied to the customer’s monthly billing demand, which is the greater of the 21 

Maximum Daily Quantity (MDQ) or the highest daily volume of gas delivered to the 22 
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delivery point during the current or preceding 11 monthly billing periods. The 1 

Distribution Charge is applied to the net nominated volumes of gas (Mcf) at the 2 

delivery point.  LG&E is proposing the same charges for Rate LGDS as Rate FT as 3 

previously described because the type of transportation service provided under these 4 

two rate schedules is essentially similar.   LG&E is proposing to increase the 5 

Distribution Charge to $0.0456 per Mcf and the Demand Charge to $7.78 per Mcf of 6 

billing demand per month. 7 

 8 

J. DISTRIBUTED GENERATION GAS SERVICE (RATE DGGS) 9 

Q. Please describe Rate DGGS. 10 

A. Rate DGGS is a rate schedule that is available to parties with customer-owned electric 11 

generation facilities who require natural gas service.    12 

Q. Is LG&E proposing any modifications to the charges for Rate DGGS? 13 

A. Yes.  LG&E is proposing to increase the Distribution Charge from $0.2992 to $0.3100 14 

per Mcf and to decrease the Demand Charge from $10.8978 to $10.89.  15 

 16 

VI. MISCELLANEOUS SERVICE CHARGES 17 

A. POLE AND STRUCTURE ATTACHMENT CHARGES (RATE PSA) 18 

  Q. Are KU and LG&E proposing to increase the pole and structure attachment 19 

charges set forth in Rate PSA? 20 

A. No. The Companies are proposing to maintain the pole attachment charge applicable 21 
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to cable television operators and telecommunication carriers at the current annual 1 

levels of $7.25 per wireline attachment, $0.81 per linear foot of duct, and $36.25 per 2 

wireless facility located on the top of a pole.  Of the three charges, the wireline 3 

attachment charge has by far the greatest utilization.   Currently, there are minimal 4 

wireless and duct attachments. 5 

  Q. Did you validate the reasonableness of the current wireline attachment charge? 6 

A. Yes.  When I calculated the wireline attachment charge using forecasted costs based 7 

on a revenue requirement reflecting net cost plant (net cost rate base), the analysis 8 

resulted in a unit cost for KU and LG&E of $7.84 per attachment.   Because the current 9 

charge reasonably reflects the updated cost based on forecasted net plant, the 10 

Companies decided not to propose a change in the rates at this time. 11 

Q. Please describe the methodology used to calculate the charges. 12 

A. In its Order in Administrative Case No. 251, the Commission prescribed a 13 

methodology for determining the attachment charges.  The calculations set forth in 14 

Exhibit WSS-16 follow the guidelines established in Administrative Case No. 251.  In 15 

this exhibit, the weighted average carrying costs are calculated for 35-, 40- and 45-16 

foot poles.  The charge is calculated by multiplying a usage factor of 0.0759 by the 17 

annual carrying costs of a bare pole.  The 0.0759 usage factor was the prescribed 18 

percentage for a three-user pole set forth in the Commission’s Order in Administrative 19 

Case No. 251 dated September 17, 1982, and assumes that a cable television 20 

attachment would utilize one foot of the usable space on the pole.  In calculating bare 21 

pole costs, 15% of the pole costs have been removed from plant in service costs for 22 
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35-, 40- and 45-foot poles to reflect the elimination of appurtenances.   1 

Q. How are the carrying charges calculated? 2 

A. They are calculated using a standard revenue requirement (cost of service) 3 

methodology.  The carrying charges include the following cost-of-service 4 

components: (1) return on net investment (rate base), (2) income taxes, (3) 5 

depreciation expenses, (4) O&M expenses, and (5) property taxes.  These are the 6 

standard items included in a utility’s revenue requirements. 7 

Q. Are the charges based on net depreciated plant? 8 

A. Yes.  Net depreciated plant (or rate base), along with straight line depreciation, is used 9 

in the carrying charge calculation.  This approach is consistent with the way that all 10 

other revenue requirements are determined in these proceedings.  Therefore, the 11 

charges shown in Exhibit WSS-16 are reflective of current revenue requirements 12 

associated with the cost of providing attachment service. 13 

 14 

B. NON-RESIDENTIAL LATE PAYMENT CHARGES 15 

Q. Are the Companies proposing to modify policies related to their late payment 16 

charges? 17 

A. Yes.  The Companies are proposing to waive a non-residential customer’s late 18 

payment charge if the customer requests a waiver and has not incurred a late payment 19 

charge in the previous 11 billing cycles.   The Companies implemented a similar policy 20 

for residential customers in their last rate cases. 21 

Q. Are the Companies making an adjustment to miscellaneous revenues to reflect 22 
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the waiver? 1 

A. No.  The Companies will absorb the impact of the waiver until any future rate cases, 2 

at which time the impact of the change would be reflected in test year miscellaneous 3 

revenues in such future rate cases.  4 

 5 

C. EXCESS FACILITIES CHARGES 6 

Q. Please describe the Companies’ Excess Facilities Rider. 7 

A. The Excess Facilities Rider applies to customer requests for service arrangements 8 

requiring equipment and facilities in excess of those the Companies would normally 9 

install.  Examples of excess facilities include requests for non-standard facilities such as 10 

emergency backup feeds, automatic transfer switches, redundant transformer capacity, 11 

and duplicate or check meters.  Under the rider, customers have the option of either (i) 12 

requesting that KU or LG&E incur the full cost of the equipment (including up-front 13 

equipment cost), in which event the monthly excess facilities charge would cover the 14 

expected carrying charges on the equipment, the estimated maintenance cost on the 15 

equipment, and the estimated cost of replacing the equipment if it fails prior to the service 16 

life of the facilities or (ii) making an up-front payment to cover the cost of the facilities, 17 

in which event the monthly excess facilities charge would only cover the estimated 18 

maintenance cost on the equipment and the estimated cost of replacing the facilities if 19 

they fail prior to the expected service life of the equipment.  Because estimated failure 20 

costs would be included in the charge for either scenario, KU or LG&E would replace 21 

the equipment if it fails prior to the end of the specified service life under either option.    22 
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Q. What are the proposed excess facilities charges? 1 

A. Under the first option, in which the Companies would make the up-front investment, the 2 

proposed monthly charges as a percentage of the original cost of the facilities are 1.17 3 

percent for KU, 1.23 percent for LG&E’s electric operations, and 1.15 percent for 4 

LG&E’s gas operations.  These are slight changes from the current charges of 1.16 5 

percent for KU, 1.22 percent for LG&E’s electric operations, and 1.15 percent for 6 

LG&E’s gas operations.  7 

  Under the second option, in which the customer makes the initial up-front 8 

investment, the proposed monthly charges as a percentage of the original cost of the 9 

facilities are 0.47 percent for KU, 0.52 percent for LG&E’s electric operations, and 0.45 10 

percent for LG&E’s gas operations.  These are unchanged from the current charges. 11 

Q. How are the excess facilities charges calculated? 12 

A. For the first option, in which LG&E makes the up-front investment, the charge includes 13 

(i) the levelized carrying charges associated with both the original cost of the facilities 14 

and the present value of the expected replacement cost of the facilities, plus (ii) operation 15 

and maintenance expenses as a percentage of the original cost of the plant.  The levelized 16 

carrying charge rate is calculated using an 8.43 percent cost of capital for KU and an 8.38 17 

percent cost of capital for LG&E for the estimated 30-year recovery period for long-lived 18 

distribution property.   The present value of the expected replacement costs is determined 19 

using an actuarial approach based on Iowa-type survivor curves, which are the survival 20 

frequency distributions developed by Iowa State University that are used in depreciation 21 

studies for electric and gas utilities throughout the U.S.  Specifically, the present value 22 
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replacement cost is determined by calculating the replacement cost for each year based 1 

on the failure percentage given by a specified survivor curve and adjusted to reflect a 2 

three percent inflation factor.  A 30-year R-2 Iowa curve is used to determine the annual 3 

replacement percentages.  This curve is typical of an Iowa curve that might be used for 4 

transformers and other distribution facilities.  5 

  For the second option, in which the customer makes the initial up-front 6 

investment, the charge includes (i) the levelized carrying charges associated with the 7 

present value of the expected replacement cost of the facilities, plus (ii) operation and 8 

maintenance expenses as a percentage of the original cost of plant.  Therefore, under this 9 

option, the charge would not include the carrying charges associated with the initial cost 10 

of the facilities but would include carrying charges on the present value of the 11 

replacement cost. 12 

  For both options, the operation and maintenance component is determined by 13 

dividing (i) actual operation and maintenance expenses less purchased power expenses 14 

during the test year by (ii) electric plant in service as of the end of the test year.  Cost 15 

support for the proposed excess facilities charges is included in Exhibit WSS-17.  The 16 

impact on other operating revenues is shown in Exhibit WSS-18. 17 

 18 

D. OTHER MISCELLANEOUS CHARGES 19 

Q. Are KU and LG&E proposing changes to any other miscellaneous charges? 20 

A. Yes. LG&E is proposing to increase its electric and gas disconnect/reconnect service 21 

charges from $28.00 to $32.00, and KU is proposing to increase its 22 
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disconnect/reconnect service charge from $28.00 to $37.00.  KU is proposing to 1 

increase its returned check charge from $3.00 to $3.50, and LG&E proposing to 2 

increase its returned check charge from $3.00 to $3.70.   For electric meters, KU and 3 

LG&E are proposing to increase the meter-test charge from $75.00 to $79.00.  For gas 4 

meters, LG&E is proposing to increase its meter-test charge from $90.00 to $101.00.  5 

For gas service, LG&E is proposing to increase its inspection charge and its additional 6 

trip charge from $150.00 to $155.00. 7 

For electric meters, KU and LG&E are proposing to decrease the meter pulse 8 

relay charge from $24.00 to $21.00.  For gas meters, LG&E is proposing to increase 9 

its meter pulse charge for transportation customers served under FT and TS2 from 10 

$7.17 to $8.00 and from $24.34 to $28.00 for all other types of customers.    11 

KU is proposing to modify the unauthorized reconnect charges as follows: (i) 12 

from $70.00 to $45.00 for tampering or an unauthorized connection or reconnection 13 

that does not require the replacement of the meter; (ii) from $90.00 to $66.00 for 14 

tampering or an unauthorized connection or reconnection that requires the 15 

replacement of a single-phase standard meter; (iii) from $110.00 to $87.00 for 16 

tampering or an unauthorized connection or reconnection that requires the 17 

replacement of a single-phase Automatic Meter Reading (AMR) meter; (iv) from 18 

$174.00 to $149.00 for tampering or an unauthorized connection or reconnection that 19 

requires the replacement of a single-phase Advanced Metering Infrastructure (AMI) 20 

meter; and (v) from $177.00 to $154.00 for tampering or an unauthorized connection 21 

or reconnection that requires the replacement of a three-phase meter. 22 
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For electric service, LG&E is proposing to modify the unauthorized reconnect 1 

charges as follows: (i) from $70.00 to $49.00 for tampering or an unauthorized 2 

connection or reconnection that does not require the replacement of the meter; (ii) 3 

from $90.00 to $70.00 for tampering or an unauthorized connection or reconnection 4 

that requires the replacement of a single-phase standard meter; (iii) from $110.00 to 5 

$91.00 for tampering or an unauthorized connection or reconnection that requires the 6 

replacement of a single-phase Automatic Meter Reading (AMR) meter; (iv) from 7 

$174.00 to $153.00 for tampering or an unauthorized connection or reconnection that 8 

requires the replacement of a single-phase Advanced Metering Infrastructure (AMI) 9 

meter; and (v) from $177.00 to $159.00 for tampering or an unauthorized connection 10 

or reconnection that requires the replacement of a three-phase meter. 11 

For gas service, LG&E is proposing to modify the unauthorized reconnect 12 

charges as follows: (i) from $70.00 to $49.00 for unauthorized reconnects that do not 13 

require the replacement of a meter, and (ii) from $132.00 to $114.00 for unauthorized 14 

reconnects that require the replacement of a meter.  The cost support for these charges 15 

is shown in Exhibit WSS-19, and the impact on other operating revenues is shown in 16 

Exhibit WSS-20. 17 

Q. Are KU and LG&E proposing AMI Opt-Out Charges? 18 

A. Yes.  Mr. Conroy’s testimony explains why the Companies are proposing the charges 19 

and when they will apply. 20 

Q. What are the Companies’ proposed AMI Opt-Out Charges? 21 

A. The Companies are also proposing an up-front opt-out setup charge per meter ($39.00 22 
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for KU, $35.00 for LG&E-E, and $33.00 for LG&E-G) and a recurring monthly opt-1 

out charge per meter ($15.00 for KU, $12.00 for LG&E-E, and $5.00 for LG&E-G) 2 

applicable to customers who choose to opt out of the proposed Advanced Metering 3 

Infrastructure (AMI) deployment. 4 

Q. How do the Companies’ proposed AMI Opt-Out Charges compare to similar 5 

charges for other utilities? 6 

A. The following table (TABLE 6) shows the AMI opt-out charges for other utilities in 7 

the United States: 8 

TABLE 6 9 

 10 

 11 

The Companies’ proposed AMI opt-out charges are toward the bottom end of the 12 

charges assessed by other utilities. 13 

Q. What costs are recovered through the proposed charges? 14 

A. The one-time charge includes: (i) the cost of creating work orders for meter change-15 

Utility

AMI Opt-out 

Set-up Fee

Monthly AMI 

Opt-Out Fee

Duke Energy Progress (NC) $170.00 $14.75

Duke Energy Progress (SC) $170.00 $14.75

Duke (KY) $100.00 $25.00

Duke Energy (OH) $100.00 $30.00

Duke Energy (FL) $96.34 $15.60

AEP Michigan $80.30 $9.75

Portland General $80.00 $17.00

Duke Energy (IN) $75.00 $17.50

AEP Ohio $43.00 $24.00

Central Maine Power $40.00 $16.05
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out and the routing of meter readers, (ii) travel time, transportation cost and direct 1 

costs to remove the AMI electric meters or gas modules and replace them with non-2 

AMI meters or gas modules; and (iii) customer service administrative costs.   3 

The recurring charge includes the following costs: (i) costs for meter readers, 4 

dispatchers, supervisors, and transportation costs; (ii) costs, including transportation 5 

costs, for manual off-cycle meter reads by meter readers and fields services employees 6 

necessary to perform meter readings services for non-AMI meters; (iii) on-going 7 

maintenance costs related to the incremental mesh network; (iv) the cost of additional 8 

relays, access point, and supporting infrastructure related to the AMI mesh network; 9 

(v) system updates, staff training, and testing of billing system to handle opt out 10 

requests; and (vi) updating the billing system to handle AMI opt out billing, including 11 

system testing and training of staff.    12 

Because the vast majority of LG&E’s gas customers also receive electric 13 

service from LG&E, the travel time and cost for manually reading the non-AMI meters 14 

were reduced in calculating the cost of the AMI opt-out for gas customers, thus 15 

resulting in a lower opt-out charge for LG&E’s gas customers than for its electric 16 

customers.  These considerations do not impact the one-time charge for gas AMI opt-17 

out.  This ensures that combination gas and electric customers served by LG&E will 18 

not be overcharged.  For LG&E’s gas customers not taking electric service from either 19 

LG&E or KU, non-AMI telemetry (one-way AMR telemetry) would be utilized that 20 

will allow LG&E in most cases to avoid manually reading the meters. The cost support 21 

for the opt-out charges is shown in Exhibit WSS-19.   None of the costs or revenues 22 
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from customer opt-outs are included in test-year operating revenues and expenses in 1 

these proceedings.  Upon implementation of the AMI opt-out charge, it is anticipated 2 

that the revenue collected from the charges will offset the cost of any customers that 3 

choose to opt out of AMI. 4 

 5 

V. ADVANCED METERING INFRASTRUCTURE (AMI) 6 

A. PERSONAL EXPERIENCE WITH AMI 7 

Q. Have you worked with utilities that have implemented Advanced Metering 8 

Infrastructure (AMI) programs? 9 

A. Yes.  Most of my electric cooperative and investor-owned utility clients have 10 

implemented AMI. 11 

Q. Has AMI been useful in performing cost of service studies and in designing rates? 12 

A. Yes.   The demand data collected from AMI have improved the accuracy of the cost of 13 

service studies.   Without AMI, utilities would rely on sampled load data or data for other 14 

utilities to develop demand allocators used in cost of service studies.   With AMI, utilities 15 

have demand data for almost every customer on the system; therefore, demand allocation 16 

factors are essentially exact, with very little estimation required to develop the three 17 

categories of demand allocation factors typically used in cost of service studies – namely, 18 

coincident peak allocators, maximum class demand allocators, and maximum individual 19 

customer demand allocators.   The availability of this data is also used to develop accurate 20 

loss studies for utilities, which are used in cost of service studies. 21 
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  AMI has also allowed utilities to develop innovative rate designs for a broader 1 

group of customers.   Specifically, AMI has allowed utilities to develop a multitude of 2 

time-of-day rate options for all of their customers, without installing special purpose 3 

metering whenever a customer requests a special rate.   With the utilities I have worked 4 

with, those with AMI can quickly roll out a new time-differentiated or real-time rate to a 5 

broad group of customers without installing specialized metering equipment specifically 6 

programed for a certain rate structure.    With AMI, the meters can be interrogated 7 

remotely for application of a specific rate design. 8 

    9 

B. FUTURE RATE OFFERINGS 10 

Q. Would the Companies be well positioned to offer more time-of-day offerings once 11 

AMI is implemented? 12 

A. Yes.   KU and LG&E currently offer time-of-day offerings to residential customers, but 13 

the rate schedules are limited to 500 participants for each company.  In these proceedings, 14 

the Companies are proposing to offer two optional General Time of Day Services (Rate 15 

GTOD-Energy and GTOD-Demand) that would be available to any General Service 16 

(Rate GS) customer enrolled in the Advanced Metering Systems Customer Service 17 

Offering set forth in the Companies’ Demand-Side Management Cost Recovery 18 

Mechanism.  The Companies do not currently offer four-part time-of-day rates for Power 19 

Service Rate PS customers.    20 

 21 
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VII. ELECTRIC COST OF SERVICE STUDIES 1 

Q. Did The Prime Group prepare cost of service studies for KU and for LG&E’s 2 

electric operations based on forecasted financial and operating results for the 12 3 

months beginning July 1, 2021? 4 

A. Yes.  The Prime Group prepared fully allocated embedded cost of service studies 5 

based on a forecasted test year beginning July 1, 2021 for KU and for LG&E’s electric 6 

operations.  The cost of service study for LG&E’s gas operations will be discussed 7 

later in my testimony.  The cost of service studies correspond to the pro-forma 8 

financial exhibits that the Companies are providing to meet the requirements of 9 

Section 16(8).  The Companies’ objectives in performing the electric cost of service 10 

studies were to determine the rate of return on rate base the Companies are earning 11 

from each customer class, allocate revenue requirements as fairly as possible among 12 

all of the classes of customers the Companies serve, and provide the data necessary to 13 

develop rate components that more accurately reflect cost causation.  14 

Q. What model was used to perform the cost of service studies? 15 

A. The cost of service studies were performed using an EXCEL™ spreadsheet model that 16 

was developed by The Prime Group and that has been utilized in previous filings by 17 

KU and LG&E to support requests for adjustments in their rates.  18 

Q. What procedure was used in performing the cost of service studies? 19 

A. Regardless of whether a historical test year or a forecasted test year is used to develop 20 

a cost of service study, the methodology for developing a cost of service study is 21 

basically the same.  The three traditional steps of an embedded cost of service study – 22 



 

 

 

- 103 - 

functional assignment, classification, and allocation – were utilized to classify costs.  1 

The cost of service studies for KU and LG&E were therefore prepared using the 2 

following procedure: (1) costs were functionally assigned (functionalized) to the major 3 

functional groups; (2) costs were then classified as commodity-related, demand-4 

related, or customer-related; and then finally (3) costs were allocated to the rate 5 

classes.  These steps are depicted in the following diagram (Figure 1). 6 

    7 

 8 

Figure 1 9 

 10 

 The following functional groups were identified in the cost of service studies: (1) 11 

Production, (2) Transmission, (3) Distribution Substation, (4) Distribution Primary 12 

Lines, (5) Distribution Secondary Lines, (6) Distribution Line Transformers, (7) 13 

Distribution Services, (8) Distribution Meters, (9) Distribution Street and Customer 14 
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Lighting, (10) Customer Accounts Expense, (11) Customer Service and Information, 1 

and (12) Sales Expense.  Because KU operates in multiple jurisdictions, it was 2 

necessary to identify costs for the Kentucky jurisdiction prior to developing a cost of 3 

service study.  Therefore, the spreadsheet model used to perform the cost of service 4 

study also includes a jurisdictional separation analysis.   5 

Q. Did you supervise the preparation of KU’s jurisdictional separation study for the 6 

forecasted test period? 7 

A. Yes. Because KU operates in three jurisdictions (Kentucky State Jurisdiction, Virginia 8 

State Jurisdiction, and FERC Jurisdiction), joint costs incurred to provide service 9 

jointly to all three jurisdictions, such as production fixed costs, must be allocated to 10 

the jurisdictions based on relative cost responsibility by jurisdiction, and any 11 

identifiable direct costs incurred in providing service to a particular jurisdiction must 12 

be directly assigned to that jurisdiction.   Because production plant, for example, is 13 

jointly used by all three jurisdictions to meet each jurisdiction’s demand requirements, 14 

these joint costs related to production plant must be allocated to the jurisdictions based 15 

on the demand responsibility of each jurisdiction relative to the total.   On the other 16 

hand, distribution plant costs are recorded on KU’s accounting records by jurisdiction 17 

and can be directly assigned to each jurisdiction.  The jurisdictional separation study 18 

generated the Kentucky jurisdiction allocation factors shown on Schedule B-7.   19 

Q. How were production fixed costs allocated in the Companies’ cost of service 20 

studies? 21 
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A. KU and LG&E’s production fixed costs were allocated using the Loss of Load 1 

Probability (LOLP) methodology, which was filed in the Companies’ 2016 and 2018 2 

rate case proceedings.  Several intervenors supported the LOLP methodology in the 3 

2016 proceedings.   4 

  LOLP represents the probability that a utility system’s total demand will 5 

exceed its generation capacity during a given hour.  LOLP therefore takes into 6 

consideration the magnitude of the load, installed generation capacity, forced outage 7 

rates, maintenance schedules, and ramp-up rates of generating units.  LOLP can be 8 

calculated for any period – an hour, a day, a week, etc.  LOLP is a critical measurement 9 

the Companies use to plan their generation resources.  Specifically, it is used to 10 

evaluate the level of reserve margins the Companies target.  Therefore, LOLP can 11 

serve as a foundation for allocating fixed production costs to the classes of customers.  12 

In other words, allocating fixed production costs on the basis of LOLP links the cost-13 

of-service allocation methodology to a key measurement the Companies use to plan 14 

the system.    15 

  For the cost of service studies, LOLP was calculated for each hour of the test 16 

year based on the hourly loads for the test year and the characteristics of the 17 

Companies’ generating facilities, including capacity, forced outage rates, and 18 

maintenance schedules.   Hourly loads for each rate class were then weighted by the 19 

LOLP for each hour to determine LOLP weighted hourly load for each rate class.   The 20 

weighted loads for each rate class are then summed for the test year to determine a 21 
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production fixed cost allocator.  Mathematically, this is equivalent to calculating an 1 

allocation vector for fixed production costs using the following formula: 2 

 3 

 4 

Where: 𝑃𝑅𝑂𝐷 𝐴𝐿𝐿𝑂𝐶𝐴𝑇𝑂𝑅̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅ is the allocation vector for 5 

production fixed costs in the cost of service study; 6 

     𝐿𝑂𝐿𝑃𝑖 is the Loss of Load Probability for hour i; 7 

𝐿𝑂𝐴𝐷̅̅ ̅̅ ̅̅ ̅̅
𝑖 is a vector of hourly load (in kW) for each rate 8 

class at hour i; for example, 𝐿𝑂𝐴𝐷̅̅ ̅̅ ̅̅ ̅̅
𝑖 = (load for Rate RS 9 

at hour i, load for Rate GS for hour i, load for Rate PS 10 

at hour i, … ); and 11 

i is the hour of the year. 12 

   13 

 The allocation vector 𝑃𝑅𝑂𝐷 𝐴𝐿𝐿𝑂𝐶𝐴𝑇𝑂𝑅̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅̅ ̅ is then used to allocate fixed production 14 

costs to the customer classes in the cost of service study. 15 

Q. Is the LOLP approach a time-differentiated methodology? 16 

A. Yes, and at a fine level of granularity.  The LOLP methodology is identified in 17 

NARUC’s Electric Utility Cost Allocation Manual as a standard methodology for 18 

performing time-differentiated cost of service studies.  With the LOLP methodology, 19 

costs are differentiated for each hour of the test year.  The approach can be adapted to 20 
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calculate costs for any set of time periods during the test year   Exhibit WSS-21 is a 1 

summary of the production fixed cost allocators used in the study. 2 

Q. Was the revenue allocation set forth in the Stipulation in the Companies’ last rate 3 

cases based on the LOLP methodology? 4 

A. Yes. In its Orders in those rate cases, the Commission directed the Companies to file 5 

an alternative production cost allocation methodology along with the LOLP cost of 6 

service study. 7 

Q. Are the Companies filing alternative cost of service studies in compliance with 8 

the Commission’s Orders? 9 

A. Yes.   In addition to the LOLP cost of service study, the Companies are also filing the 10 

only two alternative methodologies submitted by intervenors in Case Nos. 2018-00294 11 

and 2018-00295: a 12 CP cost of service study, which was proposed by the Kentucky 12 

Industrial Utility Customers, Inc.’s (“KIUC’s”) witness,28 and a 6 CP cost of service 13 

study, which was proposed by Federal Executive Agencies’ (“FEA’s”) witness.29    14 

Q. Please describe the 12 CP and 6 CP methodologies. 15 

A. The 12 CP methodology allocates production fixed costs on the sum of the monthly 16 

coincident peak demands for each rate class.  The 6 CP methodology allocates 17 

production fixed costs on the sum of the monthly coincident peak demands for each 18 

 
28 Electronic Application of Kentucky Utilities Company for an Adjustment of Its Electric Rates, Case No. 2018-

00294, Testimony of Stephen J. Baron (Ky. P.S.C. Jan. 16, 2019); Electronic Application of Louisville Gas and 

Electric Company for an Adjustment of Its Electric and Gas Rates, Case No. 2018-00295, Testimony of Stephen 

J. Baron (Ky. P.S.C. Jan. 16, 2019). 
29 Case No. 2018-00294, Testimony of James T. Selecky (Ky. P.S.C. Jan. 16, 2019); Case No. 2018-00295, 

Testimony of James T. Selecky (Ky. P.S.C. Jan. 16, 2019). 
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rate class during the four summer months of June through September and the two 1 

winter months of January and February. 2 

Q. Do you have a preference between the two alternative methodologies? 3 

A. Yes.   The 6 CP methodology more accurately reflects the Companies’ generation 4 

planning than the 12 CP methodology.   The Companies’ system is summer peaking 5 

but the Companies also have a large winter peak.   Therefore, the Companies give 6 

considerable attention to the winter peak demands, particularly in selecting the type 7 

of generation resources needed to meet both the summer and peak demands.   But very 8 

little consideration is given to the system peak demands during the spring and fall 9 

months.   Because the 12 CP methodology includes monthly demands for shoulder 10 

months such as March, April, May, October, and November, the methodology gives 11 

too much weight to demands for months that play little or no role in planning.   By 12 

including demands for four summer months and two winter months, the 6 CP gives an 13 

appropriate weighting to the allocation of production costs for a summer peaking 14 

utility with a winter peak that is nearly as high as the summer peak.    For these reasons, 15 

I favor the 6 CP over the 12 CP methodology.   But a problem with both the 12 CP 16 

and 6 CP methodologies is that both methods rely on demands for a limited number 17 

of hours during the year.   The LOLP methodology is more robust in that it weights 18 

all hours by the LOLPs for each hour of the year, which is a key metric in the 19 

Companies’ generation system planning activities. 20 

Q. Have you prepared an exhibit that compares the class rates of return for the three 21 

methodologies? 22 
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A. Yes.   Exhibit WSS-22 compares the class rates of return using the LOLP 1 

methodology, 12 CP methodology, and the 6 CP methodology.   The spreadsheet 2 

workpapers for the alternative cost of service studies are being provided electronically.     3 

Q. How were costs classified as energy-related, demand-related or customer-4 

related? 5 

A. Classification involves utilizing the appropriate cost driver for each functionally 6 

assigned cost, which provides a method of arranging costs so that the service 7 

characteristics that give rise to the costs can serve as a basis for allocation.  For costs 8 

classified as energy-related, the appropriate cost driver is the amount of kilowatt-9 

hours consumed.  Fuel and purchased power expenses are examples of costs typically 10 

classified as energy costs.  Costs classified as demand-related tend to vary with the 11 

capacity needs of customers, such as the amount of generation, transmission or 12 

distribution equipment necessary to meet a customer’s needs.  The costs of production 13 

plant and transmission lines are examples of costs typically classified as demand-14 

related costs.  Costs classified as customer-related include costs incurred to serve 15 

customers regardless of the quantity of electric energy purchased or the peak 16 

requirements of the customers and include the cost of the minimum system necessary 17 

to provide a customer with access to the electric grid.  As will be discussed later in my 18 

testimony, a portion of the costs related to Distribution Primary Lines, Distribution 19 

Secondary Lines and Distribution Line Transformers were classified as demand-20 

related and customer-related using the zero-intercept methodology.  Distribution 21 

Services, Distribution Meters, Distribution Street and Customer Lighting, Customer 22 
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Accounts Expense, Customer Service and Information and Sales Expense were 1 

classified as customer-related because these costs do not vary with customers’ 2 

capacity or energy usage. 3 

Q. What methodologies are commonly used to classify distribution plant between 4 

customer-related and demand-related components? 5 

A. Two commonly used methodologies for determining demand/customer splits of 6 

distribution plant are the “minimum system” methodology and the “zero-intercept” 7 

methodology.  In the minimum system approach, “minimum” standard poles, 8 

conductor, and line transformers are selected and the minimum system is obtained by 9 

pricing all of the applicable distribution facilities at the unit cost of the minimum size 10 

plant.  The minimum system determined in this manner is then classified as customer-11 

related and allocated on the basis of the average number of customers in each rate 12 

class.  All costs in excess of the minimum system are classified as demand-related.  13 

The theory supporting this approach maintains that in order for a utility to serve even 14 

the smallest customer, it would have to install a minimum size system.  Therefore, the 15 

costs associated with the minimum system are related to the number of customers that 16 

are served, instead of the demand imposed by the customers on the system. 17 

In preparing the studies, the “zero-intercept” methodology was used to 18 

determine the customer components of overhead conductor, underground conductor, 19 

and line transformers.  Because the zero-intercept methodology is less subjective than 20 

the minimum system approach, the zero-intercept methodology is preferred over the 21 

minimum system methodology when the necessary data is available.  Additionally, 22 
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KU and LG&E have utilized the zero-intercept methodology in determining customer-1 

related costs in prior rate case filings before this Commission.  With the zero-intercept 2 

methodology, we are not forced to choose a minimum size conductor or line 3 

transformer to determine the customer-related component of distribution costs.  In the 4 

zero-intercept methodology, the estimated cost of a zero-size conductor or line 5 

transformer is the absolute minimum system for determining customer-related costs. 6 

Q. What is the theory behind the zero-intercept methodology? 7 

A. The theory behind the zero-intercept methodology is that there is a linear relationship 8 

between the unit cost of conductor ($/ft) or line transformers ($/kVA of transformer 9 

size) and the load flow capability of the plant measured as the cross-sectional area of 10 

the conductor or the kVA rating of the transformer.  After establishing a linear relation, 11 

which is given by the equation: 12 

where: 13 

y is the unit cost of the conductor or transformer, 14 

x is the size of the conductor (MCM) or transformer (kVA), and  15 

a, b are the coefficients representing the intercept and slope, 16 

respectively 17 

it can be determined that, theoretically, the unit cost of a foot of conductor or 18 

transformer with zero size (or conductor or transformer with zero load carrying 19 

capability) is a, the zero-intercept.  The zero-intercept is essentially the cost 20 

bxay +=
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component of conductor or transformers that is invariant to the size and load carrying 1 

capability of the plant. 2 

Like most electric utilities, the feet of conductor and the number of 3 

transformers on KU and LG&E’s systems are not uniformly distributed over all sizes 4 

of wire and transformer.  For this reason, it was necessary to use a weighted linear 5 

regression analysis, instead of a standard least-squares analysis, in the determination 6 

of the zero intercept.  Without performing a weighted linear regression analysis all 7 

types of conductor and transformers would have the same impact on the analyses, even 8 

though the quantity of conductor and transformers are not the same for each size and 9 

type. 10 

Using a weighted linear regression analysis, the cost and size of each type of 11 

conductor or transformer is weighted by the number of feet of installed conductor or 12 

the number of transformers.  In a weighted linear regression analysis, the following 13 

weighted sum of squared differences  14 

is minimized, where w is the weighting factor for each size of conductor or 15 

transformer, and y is the observed value and ŷ is the predicted value of the dependent 16 

variable. 17 

Q. Has the Commission accepted the use of the zero-intercept methodology? 18 

A. Yes.  The Commission found LG&E’s cost of service studies (both electric and gas) 19 

submitted in Case No. 2000-080 and Case No. 90-158 to be reasonable, thus providing 20 

2)ˆ( i

i
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a means of measuring class rates of return that are suitable for use as a guide in 1 

developing appropriate revenue allocations and rate design.  The cost of service 2 

studies in both proceedings utilized a zero-intercept methodology to calculate the 3 

splits between demand-related and customer-related distribution costs.  The 4 

Commission also found the embedded cost of service study submitted by Union Light 5 

Heat and Power in Case No. 2001-00092, which utilized a zero-intercept 6 

methodology, to be reasonable.  Furthermore, the zero-intercept methodology has 7 

been used in every cost of service study filed by both KU and LG&E since the early 8 

1980s, including the cost of service studies filed in Case Nos. 2018-00294 and 2018-9 

00295, the Companies’ last two rate cases. 10 

Q. Have you prepared exhibits showing the results of the zero-intercept analysis? 11 

A. Yes.  For KU, the zero-intercept analyses for overhead conductor, underground 12 

conductor, and line transformers are included in Exhibits WSS-23, WSS-24 and WSS-13 

25, respectively.  For LG&E, the zero-intercept analyses for overhead conductor, 14 

underground conductor, and line transformers are included in Exhibits WSS-26, WSS-15 

27 and WSS-28, respectively.  For overhead conductor, the LG&E results were 16 

utilized because the weighted regression analysis for KU did not yield statistically 17 

valid results. 18 

Q. Have you prepared an exhibit showing the results of the functional assignment, 19 

time-differentiation and classification steps of the electric cost of service study? 20 

A. Yes.  Exhibit WSS-29 shows the results of the first two steps of the electric cost of 21 

service study, namely functional assignment and classification, for KU.  Exhibit WSS-22 
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30 shows the same two steps for LG&E.  In the cost of service model used in this 1 

study, the calculations for functionally assigning and classifying Companies’ 2 

accounting costs are made using what are referred to in the model as “functional 3 

vectors”.  These vectors are multiplied (using scalar multiplication30) by the dollar 4 

amount in the various accounts to simultaneously functionally assign and classify KU 5 

and LG&E’s accounting costs.  These calculations are made in the portion of the cost 6 

of service model included in Exhibits WSS-29 (KU) and WSS-30 (LG&E). In these 7 

exhibits, the Companies’ accounting costs are functionally assigned and classified 8 

using explicitly determined functional vectors (i.e., “external vectors”) and using 9 

internally generated functional vectors.  The explicitly determined functional vectors, 10 

which are primarily used to direct where costs are functionally assigned and classified, 11 

are shown on pages 29 and 30 of Exhibits WSS-29 for KU and WSS-30 for LG&E.  12 

Internally generated functional vectors are utilized throughout the study to 13 

functionally assign and classify costs on the basis of similar costs or on the basis of 14 

internal cost drivers.  The internally generated functional vectors are also shown on 15 

pages 29 and 30 of Exhibits WSS-29 for KU and WSS-30 for LG&E. The functional 16 

vector used to allocate a specific cost is identified in the column of the model labeled 17 

“Vector” and refers to a vector identified elsewhere in the analysis by the column 18 

labeled “Name”. 19 

 
30 “Scalar multiplication” is the multiplication of each element of a vector by a constant (scalar).  Scalar 

multiplication is different from “vector multiplication,” in which one vector is multiplied by another vector either 

as a dot product (whose product is a scalar) or as a cross product (whose product is another vector). 
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Q. Please describe how the functionally assigned and classified costs were allocated 1 

to the various classes of customers.  2 

A. Exhibits WSS-31 (KU) and WSS-32 (LG&E) show the allocation of the functionally 3 

assigned and classified costs to the various classes of customers that KU and LG&E 4 

serve.  For a forecasted test year, the average number of customers is used for 5 

allocating customer-related costs rather than the year-end number of customers that is 6 

used for a historical test year.  The following allocation factors were used in the 7 

electric cost of service study to allocate the functionally assigned and classified costs: 8 

• E01 – The energy cost component of purchased power 9 

costs was allocated on the basis of the loss adjusted 10 

kWh sales to each class of customers during the test 11 

year. 12 

• LOLP – The cost components of production fixed costs 13 

were allocated on the basis of the total sum of each 14 

class’s contribution to the forecasted loss of load 15 

probability during every hour of the test year.  16 

• NCPT – The demand cost component is allocated based 17 

on the maximum class demands for transmission, 18 

primary and secondary voltage customers.  This 19 

allocation vector is used to allocate transmission costs. 20 

• NCPP – The demand cost component is allocated on 21 
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the basis of the maximum class demands for primary 1 

and secondary voltage customers.  This allocation 2 

vector is used to allocate distribution substations and 3 

primary distribution demand-related costs. 4 

• SICD – The demand cost component is allocated on the 5 

basis of the sum of individual customer demands for 6 

secondary voltage customers. 7 

• C02 – The customer cost component of customer 8 

services is allocated on the basis of the average number 9 

of customers for the test year. 10 

• C03 – Meter costs were specifically assigned by 11 

relating the costs associated with various types of 12 

meters to the class of customers for whom these meters 13 

were installed. 14 

• Cust04 – Customer-related O&M costs associated with 15 

lighting systems were specifically assigned to the 16 

lighting class of customers.  17 

• PCust04 – Customer-related plant and rate base 18 

associated with lighting systems were specifically 19 

assigned to the lighting class of customers.  20 

• Cust05 and Cust06 – Meter reading, billing costs and 21 
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customer service O&M expenses were allocated on the 1 

basis of a customer weighting factor calculated using 2 

the 12 month average number of customers for the test 3 

year based on discussions with the Companies’ meter 4 

reading, billing and customer service departments. 5 

• PCust05 and PCust06 – Meter reading, billing costs 6 

and customer service plant expenses were allocated on 7 

the basis of a customer weighting factor calculated 8 

using the 13 month average number of customers for the 9 

test year based on discussions with the Companies’ 10 

meter reading, billing and customer service 11 

departments. 12 

• Cust07 – Customer-related O&M costs for secondary-13 

voltage distribution facilities are allocated on the basis 14 

of the 12 month average number of customers using line 15 

transformers and secondary voltage conductor. 16 

• PCust07 – Customer-related plant costs for secondary-17 

voltage distribution facilities are allocated on the basis 18 

of the 13 month average number of customers using line 19 

transformers and secondary voltage conductor. 20 

• Cust08 – Customer-related O&M costs for primary- 21 
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voltage distribution facilities are allocated on the basis 1 

of the 12 month average number of customers using 2 

primary voltage conductor. 3 

• PCust08 – Customer-related plant costs for primary- 4 

voltage distribution facilities are allocated on the basis 5 

of the 13 month average number of customers using 6 

primary voltage conductor. 7 

• Cust09 – Customer-related O&M costs for 8 

transformers are allocated on the basis of the 12 month 9 

average number of customers using distribution 10 

transformers.  11 

• PCust09 – Customer-related plant costs for 12 

transformers are allocated on the basis of the 13 month 13 

average number of customers using distribution 14 

transformers. 15 

• GPLOLPDA, NPLOLPDA, RBLOLPDA, 16 

POMLOLPDA, PDEPLOLPDA, and PPTLOLPDA 17 

– These allocators are used to specifically assign 18 

production-related demand costs associated with the 19 

Solar Share and Business Solar programs directly to 20 

those respective rate classes. These allocators directly 21 
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assign Gross Plant, Net Plant, Net Rate Base, O&M, 1 

Depreciation, and Property Taxes associated with those 2 

programs directly to customers participating in those 3 

programs.  4 

• MGPA, MNPA, MRBA, MOMA, MDA, and MPTA 5 

– These allocators are used to specifically assign 6 

customer-related costs associated with the Electric 7 

Vehicle Charging programs directly to those respective 8 

rate classes. These allocators directly assign Gross 9 

Plant, Net Plant, Net Rate Base, O&M, Depreciation, 10 

and Property Taxes associated with those programs 11 

directly to customers participating in those programs.  12 

Q. Once costs are functionally assigned and classified, what calculations are used to 13 

allocate these costs to the various customer classes the Companies serve? 14 

A. Once costs for all of the major accounts are functionally assigned and classified, the 15 

resultant cost matrix for the major cost groupings (e.g., Plant in Service, Rate Base, 16 

O&M Expenses) is then transposed and allocated to the customer classes using 17 

“allocation vectors” or “allocation factors”.  A transpose of a matrix is formed by 18 

turning all the rows of a given matrix into columns and vice-versa.  This process results 19 

in the columns of functionally assigned and classified costs becoming rows in the 20 

transposed matrix which then can be allocated to the various classes of customers.  21 

This process is illustrated in Figure 2 below.  22 
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 1 

 2 

 3 

The results of the class allocation step of the cost of service study are included in 4 

Exhibits WSS-31 (KU) and WSS-32 (LG&E).  The costs shown in the column labeled 5 

“Total System” in Exhibits WSS-29 and WSS-30 were carried forward from the 6 

functionally assigned and classified costs shown in Exhibits WSS-31 and WSS-32, 7 

respectively.  The column labeled “Ref” in Exhibits WSS-31 and WSS-32 provides a 8 

reference to the results included in Exhibits WSS-29 and WSS-30, respectively. 9 

Q. Please summarize the results of the electric cost of service studies. 10 

A. The Current Rate of Return on Rate Base was calculated by dividing the adjusted net 11 

operating income by the adjusted net cost rate base for each customer class.  The 12 

adjusted net operating income and rate base reflect the rate base, income and expenses 13 

discussed in the testimony of Mr. Garrett.  The Proposed Rate of Return on Rate Base 14 

was calculated by dividing the net operating income adjusted for the proposed rate 15 

increase by the adjusted net cost rate base.  The determination of the actual adjusted 16 

and proposed rates of return are shown on pages 25 through 28 and pages 27 through 17 
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30, respectively, of Exhibits WSS-31 and WSS-32, for KU and LG&E, respectively.  1 

The rates of return by customer class for the LOLP cost of service study along with 2 

the 6-CP and 12-CP methodologies are shown in Exhibit WSS-22 3 

VIII. GAS COST OF SERVICE STUDY 4 

Q. Did you prepare a cost of service study for LG&E’s gas operations based on 5 

financial and operating results for the 12 months beginning July 1, 2021? 6 

A. Yes. I supervised the preparation of a fully allocated, embedded cost of service study 7 

for gas operations for the forecasted test year beginning July 1, 2021, based on 8 

LG&E’s forecasted accounting costs.  The cost of service study corresponds to the 9 

pro-forma financial exhibits included in the testimony of Mr. Garrett.  As with the 10 

electric cost of service studies, the objective in performing the gas cost of service study 11 

is to determine the rate of return on rate base that LG&E is earning from each customer 12 

class, allocate LG&E’s natural gas revenue requirement as fairly as possible to the 13 

various classes of customers that LG&E serves, and provide the data necessary to 14 

develop rate components that more accurately reflect cost causation.  15 

Q. Generally, were the procedures used in performing the gas cost of service study 16 

the same as those that you described above for the electric cost of service studies? 17 

A. Yes.  The gas cost of service study was prepared using the following procedure: (1) 18 

costs were functionally assigned (functionalized) to the major functional groups, (2) 19 

costs were then classified as commodity-related, demand-related, or customer-related; 20 

and then finally (3) costs were allocated to the various natural gas rate classes that 21 
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LG&E serves.  These steps are depicted in the following diagram (Figure 3).  This is 1 

a standard approach utilized in the preparation of embedded cost of service studies for 2 

natural gas utilities. 3 

Costs
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Figure 3  4 

Q. What functional groups were used in the natural gas cost of service study? 5 

A. The following functional groups were identified in the cost of service study: (1) 6 

Procurement, (2) Storage, (3) Storage-Related Transmission, (4) Non-Storage-Related 7 

Transmission, (5) Distribution Commodity, (6) Distribution Structures and 8 

Equipment, (7) Distribution Mains – Low- and Medium-Pressure, (8) Distribution 9 

Mains – High-Pressure, (9) Services, (10) Meters, (11) Customer Accounts, and (12) 10 

Customer Service Expense. 11 

Q. Please describe the functional assignment of transmission costs. 12 
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A. There are two functional groups for transmission costs: Storage-Related Transmission 1 

and Non-Storage-Related Transmission.  Storage-Related Transmission costs 2 

represent the transmission facilities that are used to deliver natural gas from LG&E’s 3 

storage fields to the distribution system.  The Non-Storage-Related Transmission 4 

functional group represents costs of transmission facilities used to deliver gas from 5 

interstate pipelines both to the distribution system and directly to customers.   It is 6 

important to distinguish between the two types of costs because the Non-Storage-7 

Related Transmission facilities are used to serve all customer classes, including both 8 

sales and transportation customers, by delivering gas to the distribution system and 9 

directly to individual customers, whereas the use of Storage-Related Transmission 10 

facilities is limited to delivering storage gas to sales customers and to serving daily 11 

imbalances created by transportation customers.  Therefore, the use of Storage-12 

Related Transmission facilities to serve customers under Rate FT and any other firm 13 

transportation-only service would be limited to their use of daily imbalance service 14 

facilitated through storage.  Exhibit WSS-33 shows the derivation of the functional 15 

assignment for transmission plant. 16 

Q. How were costs classified as commodity-related, demand-related or customer-17 

related? 18 

A. Classification involves identifying the appropriate cost driver for each account, which 19 

provides a method of arranging costs so that the service characteristics that give rise 20 

to the costs can serve as a basis for allocation.  Costs classified as commodity-related 21 

tend to vary with the quantity of gas delivered, such as gas supply and the operation 22 
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of compressors.  Since gas supply costs were removed from the cost of service study, 1 

it was not necessary to classify gas supply costs.  Costs classified as demand-related 2 

are costs related to facilities installed to meet design-day usage requirements.  Costs 3 

classified as customer-related include non-volumetric costs incurred to serve 4 

customers that are invariant to either the quantity of gas delivered to the customers or 5 

the peak demand requirements of the customers.  All transmission plant costs were 6 

classified as demand-related. The transmission plant used to deliver natural gas from 7 

and to storage is allocated on the same basis as storage.  The transmission plant used 8 

to deliver gas from the pipelines into LG&E’s distribution system was allocated on 9 

design-day demands.  Distribution Structures and Equipment costs were classified as 10 

demand-related.  Costs related to Distribution Mains were functionally assigned as 11 

either low- and medium-pressure mains or high-pressure mains and then classified as 12 

demand-related and customer-related using the zero-intercept methodology.  Services, 13 

Meters, Customer Accounts, and Customer Service Expenses were classified as 14 

customer-related. 15 

Q. Explain the zero-intercept methodology that you used to classify the costs of 16 

mains between demand-related and customer-related costs. 17 

A. A portion of the cost of mains was classified as demand-related and a portion was 18 

classified as customer-related using the zero-intercept methodology, which was 19 

described above in connection with the electric cost of service study.  The zero-20 

intercept analysis is included in Exhibit WSS-34. 21 

Q. How were distribution mains functionally separated between high-, low- and 22 
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medium-pressure categories? 1 

A. The feet of high-pressure mains by size of pipe were identified from LG&E’s maps 2 

and records.  The feet of low- and medium-pressure pipe were determined residually 3 

by subtracting the specifically identified high-pressure mains from the total feet for 4 

each pipe size.  The zero-intercept unit cost of $10.91 was then applied to the high-5 

pressure mains and to the low- and medium-pressure mains to determine the customer-6 

related portion of the mains.31  By identifying high-pressure mains from LG&E’s maps 7 

and records, it was determined that LG&E’s high-pressure distribution mains 8 

represent 9.37% of the total installed cost, with 4.44% corresponding to customer-9 

related costs and 4.92% corresponding to demand-related costs.  The low- and 10 

medium-pressure pipe make up the remaining 90.63% of installed cost, with 62.27% 11 

classified as customer-related and 28.36% classified as demand-related.  The 12 

breakdown is shown on Exhibit WSS-34.  The allocation of the cost to the customer 13 

classes is shown on Exhibit WSS-35. 14 

Q. Was a similar separation made in the electric cost of service studies? 15 

A. Yes.  The electric cost of service studies separate distribution conductor between 16 

primary voltage conductor and secondary voltage conductor.  The functional 17 

separation in the gas cost of service study between high-pressure and low- and 18 

medium-pressure pipe is analogous to the primary and secondary splits determined in 19 

 
31 The cost of service study used the zero intercept results from the detailed analysis that was performed based 

on plant records as of June 30, 2020. 
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the electric cost of service studies.  Differences in the pressure in a pipe are often used 1 

as an analogy to differences in voltages. 2 

Q. Have you prepared an exhibit showing the results of the functional assignment 3 

and classification steps of the cost of service study? 4 

A. Yes.  Exhibit WSS-36 shows the results of the first two steps of the natural gas cost of 5 

service study: functional assignment and classification. 6 

Q. Please describe the allocation factors used in the gas cost of service study. 7 

A. The results of allocating LG&E’s functionally assigned and classified costs to the 8 

various classes of customers that LG&E serves are provided in Exhibit WSS-37.  The 9 

following allocation factors were used in the gas cost of service study: 10 

 11 

• DEM01 is used to allocate procurement demand-related 12 

costs; these costs are the procurement-related expenses 13 

that are not recovered through LG&E’s Gas Supply 14 

Clause. 15 

 16 

• DEM02 is used to allocate Storage demand-related 17 

costs and represents a composite allocation based on 18 

extreme winter season requirements and design-day 19 

demands.  The class allocation factor is the sum of (a) 20 

the volumes (commodity) withdrawn from storage 21 



 

 

 

- 127 - 

during the design winter season and (b) the volumes 1 

needed in storage to meet the design-day demands.  2 

Rate FT is assigned an allocation based on its utilization 3 

of balancing service in accordance with the provision 4 

set forth in the rate schedule to allow imbalances that do 5 

not exceed ± 5% of delivered volumes when an 6 

Operational Flow Order (“OFO”) has not been issued.  7 

The calculation of this allocation factor is shown in 8 

Exhibit WSS-38. 9 

 10 

• DEM03 is used to allocate Transmission demand-11 

related costs for the portion of the transmission system 12 

that is used to move gas to and from storage.  Because 13 

this portion of LG&E’s transmission lines is used to 14 

either fill the storage fields or remove gas from storage, 15 

transmission demand-related costs are allocated on the 16 

same basis as storage demand-related costs. 17 

 18 

• DEM04 is used to allocate Distribution Structures and 19 

Equipment demand-related costs and represents 20 

forecasted maximum class demands determined at 21 
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LG&E’s -14 F design-day mean temperature. 1 

  2 

• DEM05 is used to allocate the demand-related portion 3 

of the cost of high-pressure distribution mains and the 4 

cost of transmission lines used to move gas from the 5 

pipelines to LG&E’s distribution system.  It represents 6 

maximum class demands determined at the design-day 7 

mean temperature of customers served at high-pressure 8 

or below.  The high-pressure system consists of pipe 9 

pressured above 60 psi.  All gas delivered into the low- 10 

and medium-pressure system must first pass through the 11 

high-pressure system.  Consequently, all customers 12 

utilize the high-pressure system. 13 

 14 

• DEM05a is used to allocate the demand-related portion 15 

of the cost of low- and medium-pressure distribution 16 

mains and represents maximum class demands 17 

determined at the design-day mean temperature of 18 

customers served at medium pressure or low pressure.  19 

The low- and medium- pressure system consists of pipe 20 

pressured at 60 psi and below.  The demands of 21 
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customers served at high pressure are not included in 1 

the determination of this allocation factor.  The low- and 2 

medium-pressure system is not used to provide 3 

distribution delivery service to customers served at high 4 

pressure.   5 

 6 

• COM01 is used to allocate commodity-related 7 

procurement expenses and represents annual 8 

throughput volumes (including both sales and 9 

transportation).  Procurement expenses correspond to 10 

expenses incurred by LG&E’s gas supply department 11 

(including labor), which are not recovered through the 12 

Gas Supply Clause.  This department not only 13 

purchases gas for sales customers but also administers 14 

LG&E’s transportation service schedules.  15 

 16 

• COM02 is used to allocate Storage commodity-related 17 

costs and represents forecasted customer class 18 

deliveries during the winter withdrawal season (defined 19 

as the months of November through March.) 20 

 21 
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• COM03 is used to allocate Transmission commodity-1 

related costs and represents forecasted customer class 2 

deliveries during the winter withdrawal season (defined 3 

as the months of November through March.) 4 

 5 

• COM04 is used to allocate Distribution commodity-6 

related costs and represents annual throughput volumes 7 

(including both sales and transportation.) 8 

 9 

• CUSTPT01 is used to allocate the customer-related 10 

portion of LG&E’s high-pressure distribution mains 11 

and represents the 13-month average number of 12 

customers served at high pressure and below.  13 

 14 

• CUSTPT01a is used to allocate the customer-related 15 

portion of LG&E’s low- and medium-pressure 16 

distribution mains and represents the 13-month average 17 

number of customers at low and medium pressure.  The 18 

customers served at high pressure are not included in 19 

the determination of this allocation factor because the 20 

low- and medium-pressure system is not used to provide 21 
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distribution delivery service to customers served at high 1 

pressure. 2 

 3 

• CUST02 is used to allocate services and is based on the 4 

total estimated cost of installing a service line per 5 

customer in each customer class weighted by the 6 

average number of customers in each class. 7 

 8 

• CUST03 is used to allocate meters and is based on the 9 

total cost of meters and meter installation costs per 10 

customer in each customer class weighted by the 11 

average number of customers in each class. 12 

 13 

• CUSTPT04 is used to allocate the plant and rate base 14 

components of customer accounts expense and 15 

represents 13-month average customers. 16 

 17 

• CUSTPT05 is used to allocate the plant and rate base 18 

components of customer service. It is based on 13-19 

month average customers adjusted for weighting factors 20 

for each class. 21 

 22 

• CUSTOM01 is used to allocate the customer-related 23 
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portion of O&M expenses for high-pressure distribution 1 

mains and represents the 12-month average number of 2 

customers served at high pressure and below. 3 

 4 

• CUSTOM01a is used to allocate the customer-related 5 

portion of O&M expenses for low- and medium-6 

pressure distribution mains and represents the average 7 

number of customers at low and medium pressure.  The 8 

customers served at high pressure are not included in 9 

the determination of this allocation factor because the 10 

low- and medium-pressure system is not used to provide 11 

distribution delivery service to customers served at high 12 

pressure. 13 

 14 

• CUSTOM04 is used to allocate customer accounts 15 

expenses (Accounts 901 through 905) and represents a 16 

composite allocation factor.32  17 

 
32 This allocation factor is determined as follows:  First, customer accounts supervision (Account 901), meter 

reading (Account 902), customer records and collections (Account 903), and miscellaneous customer account 

expenses (Account 905) were allocated to each customer class using a customer weighting factor based on 

discussions with LG&E’s meter reading, billing and customer service departments.  A cost weighting factor of 

1.0 was utilized for Residential Gas Service, a cost weighting factor of 1.1 was utilized for Commercial Gas 

Service, a cost weighting factor of 10 was utilized for Rates IGS and AAGS, and a customer weighting factor of 

20 was utilized for Rate FT and special contracts.  Using a cost weighting factor of 20 for Rate FT and special 

contracts, for example, means that the cost of performing the meter reading, billing and customer service 

functions for customers served under Rate FT is 20 times more than the cost of performing these same services 

for customers served under Rate RGS.   
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 1 

• CUSTOM05 is used to allocate customer service expenses using the 2 

same customer-weighting factor used to allocate Accounts 901, 902, 3 

903, and 905 as in the calculation of CUST04. 4 

 5 

Q. Summarize the results of the gas cost of service study. 6 

A. The rates of return shown on net cost rate base for natural gas service for each 7 

customer class before and after reflecting the rate adjustments proposed by LG&E are 8 

shown on pages 12 and 13 of Exhibit WSS-37.  The current rate of return on net cost 9 

rate base was calculated by dividing the adjusted net operating income by the adjusted 10 

net cost rate base for each customer class.  The adjusted net operating income and rate 11 

base reflect the forecasted amounts discussed in the testimony of Mr. Garrett.  The 12 

proposed rate of return on net cost rate base was calculated by dividing the net 13 

operating income adjusted for the proposed rate increase by the adjusted net cost rate 14 

base.  Rate DGGS is not broken out in the cost of service study but is included in Rate 15 

IGS.  Rate LGDS is not shown in the table because there are currently no customers 16 

served under the rate schedule.  Currently, there is one commercial customer served 17 

under Rate SGSS.  However, Rate SGSS is not broken out in the cost of service study 18 

but is included in Rate CGS. 19 

 20 

 21 
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IX. LEAD-LAG STUDIES 1 

Q. Did KU and LG&E perform a lead lag study in Case Nos. 2018-00294 and 2018-2 

00295? 3 

A. Yes. I supervised the preparation of the lead-lag studies for KU and for LG&E’s 4 

electric and gas operations.  Mr. Garrett provided the balance sheet analyses used for 5 

the study of cash working capital based on amounts from the Companies’ forecast.   6 

The lead-lag studies used historical payment activity to calculate revenue lag days and 7 

expense lead days.  Revenue lag days represent the difference between the date when 8 

services are rendered by the Companies and the date when revenues for those services 9 

are collected from customers.  Expense lead days represent the date when expenses 10 

are incurred to provide service and the date when those expenses are paid.   The net 11 

lead-lag days are multiplied by the respective average daily expenses and pass-through 12 

items (viz., sales taxes, school taxes, and franchise fees) to determine cash working 13 

capital. 14 

Q. In Kentucky, are utilities required to perform a lead-lag study? 15 

A. No.   In the Stipulation Agreement in Case Nos. 2016-00370 and 2016-00371, the 16 

Companies agreed to submit lead-lag studies in their next general rate cases.   The 17 

Companies then filed lead-lag studies in Case Nos. 2018-00294 and 2018-00295.   In 18 

the current rate cases, KU and LG&E are updating the revenue lag analysis and 19 

balance sheet analysis that were filed in Case Nos. 2018-00294 and 2018-00295.   By 20 

updating the revenue lag analysis and balance sheet analysis, the Companies are 21 

following the practice prescribed by the Virginia State Corporation Commission (VA 22 
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SCC) for rate case filings in Virginia, which prescribes that if a lead-lag study is less 1 

than five years old then only revenue lags and the balance sheet analysis are updated.33    2 

Q. Based on your experience, is this practice reasonable? 3 

A. Yes.   Unless there is a dramatic change in a utility’s financial condition, it has been 4 

my experience that expense leads do not change significantly within a five-year 5 

period. Performing a lead-lag study is a major undertaking. Therefore, it is reasonable 6 

to update revenue lags and the balance sheet analysis if the lead-lag study has been 7 

performed within the last five years. 8 

Q. What period was used to perform the revenue lag analysis? 9 

A. The revenue lag analysis was performed using revenue and expense data for the 10 

calendar year 2019. 11 

Q. How were revenue lag days determined? 12 

A. The revenue lag measures the number of days from the date service was rendered by 13 

the Companies until the date payment was received from customers and the funds 14 

deposited and available to the Companies.   In the calculation, the revenue lag consists 15 

of four time spans: (1) meter reading lag, which is the time period from the midpoint 16 

of the service period to the meter read date; (2) billing lag, which is the period from 17 

when the meter is read to the date when the bill is invoiced; (3) collection lag, which 18 

is the period from when the bill is invoiced to when the customer payment is received; 19 

 
33 Virginia Administrative Code 20 VAC5-201-10 – Rules Governing Utility Rate Applications and Annual 

Information Filings with the VA SCC specifies that “Utilities required to use a lead/lag study should perform a 

complete lead/lag analysis every five years.  Major items such as the revenue lag and balance sheet accounts 

should be reviewed every year.”   
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and (4) bank lag, which is the period from when the customer payment is received to 1 

when the Companies have access to the funds.   The collection lag was determined 2 

using the turnover approach, which calculates the collection lag days by dividing the 3 

average daily accounts receivable balance by the average daily revenues and pass-4 

through items (viz., sales taxes, gross receipt taxes, and franchise fees).   The turn-over 5 

method was used in KU-ODP’s recent rate case filing in Virginia. 6 

Q. Please summarize the components of the revenue lag for KU and LG&E’s electric 7 

and gas operations? 8 

A. The revenue lags by component are summarized below (TABLE 7): 9 

TABLE 7 10 

 

Lag Component 

Lag Days 

KU LG&E-Elec LG&E-Gas 

Meter Reading Lag 15.21 15.21 15.21 

Billing Lag   4.20   4.29   4.28 

Collection Lag 25.09 23.77 23.77 

Bank Lag   1.00   1.00   1.00 

Total Revenue Lag 45.50 44.27 44.26 

 11 

Q. Do you have an exhibit showing the lead-lag days for each category of revenue 12 

and expense? 13 

A. Yes.   The lead-lag days used to determine cash working capital are shown on Exhibit 14 

WSS-39.   As mentioned earlier, the revenue lags have been updated based on an 15 

analysis of billings for 2019.   The expense leads reflect values that were determined 16 

from the lead-lag study submitted in Case Nos. 2018-00294 and 2018-00295. 17 

  Q. Does this conclude your testimony? 18 
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A. Yes, it does. 1 


